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Since 1966, Canusa-CPS has been a leading developer and manufacturer of 
coatings for corrosion protection of pipeline field joints and for pipeline coating 
rehabilitation. Canusa-CPS’s advanced technology heat-shrinkable sleeves, 100% 
solids liquid epoxies and adhesive-based systems provide field-joint coatings that 
far exceed the requirements of international standards. As example, Canusa-CPS’s 
GTS-PE and GTS-PP systems not only exceed the ISO 21809-3 standard for 3LPE 
and 3LPP field joint coatings, they also provide equivalent performance to the 3LPE 
and 3LPP mainline coatings as per the requirements of the ISO 21809-1 standard 
for these coating types.

With our unparalleled package of products, services and equipment, Canusa-CPS 
continues to demonstrate its leadership in pipeline corrosion coating technology 
development.

ShawCor – when you need to be sure
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Introduction

This eBook consists of articles from the Journal of Protective
Coatings & Linings (JPCL) on technological developments for
protecting and maintaining transmission pipeline. 
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The Ins and Outs of Pipeline Coatings:
Coatings Used to Protect Oil and Gas Pipelines

oating technology in the oil and gas industry has come a long way. The product
evolution for protection of steel pipes has migrated from field-applied asphalt
and coal tar-based materials to the currently used high-tech, field-applied and

plant-applied coatings. With most coating plants typically located at or near the steel
pipe mill, the economics are good for the pipeline owners to receive coated pipe of the
highest integrity that is designed to last for the full projected life of the asset. 
The main generic types of pipeline coatings in use today include coal tar enamel, poly-

meric tapes, fusion-bonded epoxy (FBE), spray-applied liquid coatings, and two- and
three-layer polyolefin coatings. Some coatings are overcoated with an abrasion-resistant
overlay (ARO) designed to protect the main corrosion control coating layer when the
pipe is installed via directional drilling—as is done for road or river crossings. 
Field joint or girth weld coatings offer various technologies to optimize performance

with the mainline coating and provide field-application friendliness. 
In addition to the above-mentioned external coatings, some pipelines are internally

lined with a liquid epoxy or FBE system to enhance the flow characteristics of the natural
gas or oil traveling through the pipeline. Linings are also used to improve resistance
against corrosion and material build-up in oil and gas production lines. 

Editor’s Note: This article appeared in
JPCL in July 2005. C

Michael Romano
Tyco Adhesives CPG

with contributions from

Matt Dabiri
Williams Companies Inc.

Alan Kehr
3M



To overcome negative buoyancy in offshore applications, wetlands, and marshland,
the use of concrete weight coatings (CWC) over the corrosion coating is required. On-
shore barrier coatings of cement mortar or bendable concrete are used in rocky terrains,
where selective backfill is not used. These coatings are rare because of cost.
It must be noted that degree and level of surface preparation as well as dry film thick-

ness for each corrosion and concrete coating application including girth weld coatings
typically are specified in standards, customer specifications, and manufacturer recom-
mendations.
This article gives an overview of the coatings and linings used to protect oil, gas, and

liquid pipelines.

Polymeric Tapes
Cold-applied single or multi-layer tape systems have been used primarily in the pro-
tection of steel and ductile iron pipes in the water sector in North America. However,
these coatings are used in other locations around the world for oil and gas for new or
rehabilitation of pipelines. These coatings are easy to apply over the ditch or with
portable plants set up near the pipeline route. 
Systems typically involve the use of primers designed to meet environmental regulations

for volatile organic compound (VOC) emissions and application performance requirements.
The primer wets out the surface of the steel and fills surface irregularities to assist the
adhesive layer in bonding without the need for applied heat. The adhesive layer is
designed with the primer to maximize adhesion to the prepared and clean steel substrate.
The primer should be dry before the application of the adhesive layer so that any residual
solvent from the primer has dissipated. 
The adhesive layer is typically a blend of butyl rubber and synthetic resins in a tape

form. The middle and/or outer layer, which forms a bond with the adhesive layer, is the
mechanical layer and is made of high-density polyethylene or polypropylene. The outer
layers are resistant to ultraviolet light (UV) for above-ground storage or exposure to sun-
light. 
The total coating system relies on the use of tension on the tape to provide a

“gasketing effect” that provides protection from the ingress of water and oxygen, two
essential ingredients for corrosion (Fig. 1). Spiral and longitudinal weld areas are typically
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Fig. 1: (previous page and above) Cold-applied tape and coating process
Courtesy of Tyco Adhesives Corrosion Protection Group



coated with a strip of adhesive prior to wrapping to assist with the step-down from the
weld beads to the main pipe surfaces and to prevent a bridging effect near the weld
area. Cold-applied tapes have been used since the 1950s and have seen many perform-
ance advances over the years.
Hot-applied tape systems consist of a fused multi-layer coating system made up of a

thermally activated primer layer, a thermoplastic elastomer adhesive layer, and a ther-
moplastic outer layer. The primer is a solvated thermoplastic elastomer that chemically
bonds to the adhesive layer. This primer contains additives designed to directly im-
prove the anti-corrosion properties of the system. The adhesive layer is a butyl com-
pound that fuses to the outer polyethylene layer. The outer layer is typically a
high-density polyethylene (PE). The approach is to form an integrated system that bonds
to the pipe and resists mechanical damage. The process is one that involves the appli-
cation of heat to achieve the desired performance (Fig. 2). In their current form, these
systems have been in use since the late 1980s. 

Heat-Shrinkable Tape Coatings
Heat-shrinkable corrosion prevention coatings in tape form have been used since the
1980s for buried and offshore pipelines operating at temperatures up to 120 C (250 F).
These products consist of a thick, radiation crosslinked polyethylene-based backing
coated with a high shear strength, thermoplastic, hot-melt adhesive.
When the coating is applied to a pre-heated pipe, the thermoplastic adhesive melts and

flows. The preheated temperature is critical in ensuring that the adhesive wets out the
steel and bonds to its surface. The manufacturer’s instructions will give the recom-
mended minimum temperature. The crosslinked polyethylene backing is heated from
the outside by propane torches and shrinks onto the heated pipe surface so that the ad-
hesive bonds to the substrate.
Once the product has cooled, the high shear strength adhesive is anchored to the pipe

and can be handled and buried. The tape is typically supplied in a two-layer form as
rolls of various widths.
The products are installed by professional pipe coaters in their factories or may be ap-

plied nearer the pipeline construction site using portable coating equipment (Fig 3).
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Fig. 2: (above and right) Hot-applied tape and coating process
Courtesy of Tyco Adhesives CPG



Fusion-Bonded Epoxy (FBE)
Fusion-bonded epoxy coatings are 100% solids, thermosetting materials in powder form
that bond to the steel surface as a result of a heat-generated chemical reaction. Formu-
lations consist of epoxy resins, hardeners, pigments, flow control additives, and stabi-
lizers to provide ease of application and performance. 
The pipe must be preheated to remove moisture, and it must be shot and grit blasted

to attain a clean surface with proper anchor pattern profile and to improve the adhesion
properties. It is important to observe the powder manufacturer’s pipe preheat temper-
ature. Heating the pipe to be coated is typically done with induction or gas burners to
temperatures in the range of 215 to 245 C (420 to 475 F). 
Electrostatic guns are used to apply the epoxy powder. The epoxy powder melts on

contact with the heated steel pipe, then flows, gels, and cures to form the tough coat-
ing required to protect the steel pipe from corrosion (Fig. 4). These systems became
commercially available in 1960.
Dual-layer systems involve the use of a second layer of FBE that overcoats the first

layer—the corrosion coating. The second layer has select characteristics to impart
unique properties for special applications and service conditions, such as mechanical
protection for directional drilling. The second layer, or topcoat, is applied directly after
the first layer on the coating line while there is still functionality in the primary layer
to give a chemical bond at the interface in a continuous application.
Liquid epoxy coatings are also used over FBE to protect the pipeline against abrasion

during directional drilling and thrust bore installations.

Two-Layer Polyolefin Coatings
Extrusion of plastic coatings that include an adhesive or sealant
to form the inner layer and provide the bonding and corrosion
protection dates back to the late 1950s when pipelines were
first coated in the controlled environment of a coating plant.
Two-layer coating systems come in various types with butyl-
based adhesives or asphalt-based mastics as their primary coat
and with a side-extruded or crosshead-extruded polyolefin
layer (Fig. 5). Typically, high-density polyethylene is used as
the outer layer, but polypropylene has also been used. 
 During application, the adhesive is heated to obtain the opti-

mal flow characteristics to provide a uniform coating on the
pipe surface. The adhesive is then immediately overcoated with
a polyolefin to the specified thickness.

4

Fig. 5: Two-layer polyolefin coating system
Courtesy of Durabond

Fig. 3: Holiday detection of heat shrink tape coating. Courtesy of Tyco Adhesives CPG

Fig. 4: Fusion-bonded Epoxy (FBE) 
application. Courtesy of 3M



Three-Layer Polyolefin Coatings
Three-layer polyolefin coatings have been in use since the 1980s. Multi-layer
coating systems consist of an FBE or liquid epoxy primer and copolymer
adhesive intermediate or tie layer topcoated with a polyolefin.
Pipelines coated with this system have high electrical resistance. Polyethylene

is typically the topcoat, but polypropylene is used for higher service temper-
atures and where better mechanical properties are required for handling. The
tie layer or adhesive layer is typically a copolymer or terpolymer adhesive
that is grafted and compatible with the outer layer of polyethylene or
polypropylene. 
The FBE layer is applied by electrostatic spray. Induction or gas heating

brings the pipe to the required surface temperatures for the proper application
of the powder. The adhesive layer is then applied by side extrusion or spray
followed by the polyolefin outer layer (Fig. 6).

Coal Tar Enamel and Asphalt Coatings
Coal tar coatings have been used for more than 80 years and dominated the pipeline
coatings market for the early years. They were also one of the first pipeline coatings to
be successfully applied in a plant. Coal tar coatings were very popular until the 1970s
and are still used for corrosion protection onshore as well as under concrete weight
coated (CWC) pipe offshore.
Coal tar enamel (CTE) is a polymer-based coating produced from the plasticization of

coal tar pitch, coal, and distillates. Inert fillers are added to give the desired properties
of the system. The coal tar pitch, which forms the basis for the enamel, consists of poly-
nuclear aromatic hydrocarbons and heterocyclic compounds. Over the years, this coat-
ing has been used in conjunction with a primer, a fiber glass, or mineral felt
reinforcement, and an outer wrap. The introduction of glass fiber inner wraps and the
application of outer wraps onto the coating surface improved the mechanical strength
of the system and provided extra protection against soil stresses and impact damage
during handling and installation. 
The CTE system is made up of four main components: primer, coal tar enamel, glass

fiber inner wrap, and glass fiber outer wrap. When selecting the enamel and outer wrap
grades, end users must consider the performance requirements, based on factors such
as service temperatures, local ground conditions, and ambient conditions. 
CTE is easily repaired with field-applied coal tar enamel, coal tar epoxy, or tape coat-

ings. CTE coatings have very good electrical insulating properties and low water per-
meation properties that resist bacterial attack and the solvent action of petroleum oils. 
CTE is heated to approximately 240 C (465 F) and poured over a rotating section of

pipe surface that has been prepared and primed in accordance with the manufacturer’s
recommendations. A fiber glass inner wrap, which becomes saturated with liquefied
enamel, is immediately pulled over the coating. A second fiber glass or mineral felt outer
wrap, already impregnated with coal tar, is applied over the first wrap. A second layer
of CTE is then applied. Liquid CTE will spread through the wrap. The coating is then fin-
ished with one coat of white wash or a single wrap of Kraft paper to prevent ultraviolet
(UV) degradation of the enamel during storage in direct sunlight.

Spray-Applied Liquid Coatings
These liquid products are usually two-component materials, consisting of an “A” and a
“B” part. Typical spray-applied coatings are a high-build epoxy, a polyurethane, or a com-
bination of both. Epoxy coatings are two-part, ambient temperature-cured, 100% solids
(no VOCs), thermosetting materials with a base resin and curing agent (Fig. 7).
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Fig. 6: Three-layer coating system application

Fig. 7: Spray-applied epoxy coatings 
Courtesy of Tyco Adhesives CPG



Polyurethanes are also two-part, 100% solids coatings but with a polyisocyanate curing
agent and a polyol. Polyurethanes are used in the oil and gas coating sector as a
rehabilitation mainline coating or as an abrasion-resistant overlay for directional
drills. They are applied easily in the field or the plant and are designed to provide
excellent performance. Epoxies and polyurethanes can be spray-applied, although
the details of application differ between the two types.

Field Joint Coatings
Many field joint coatings are available to complete the coating of a pipeline (Table 1). In
planning a pipeline coating system, it is critical to pay attention to the field-applied
joint protection coating; otherwise, the joint can become the pipeline’s weakest link.

Field joint coatings are installed under construction conditions anywhere in the world,
so they must be field friendly to the application environment or easy to install correctly.
Field joint coatings can make or break the integrity of the total pipeline coating solution
(Figs. 8 and 9). 
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Description
Polymer-backed, bituminous-based adhesive tapes.  May consist of a bonding primer with a single
or multiple layers of a fusible bituminous tape that is hot applied.
Polymer-based adhesive tapes, which may consist of a primer with single or multiple layers of a
polymeric tape
Non-woven synthetic fabric tapes fully impregnated with a natural petrolatum-based compound
A blend of microcrystalline wax-saturated synthetic fabric in the form of tapes
Cross-linked polyolefin backings coated with a mastic or hot melt type adhesive
Available as there-layer systems with liquid epoxy as the first layer.

One-part, heat-curable thermosetting powder epoxy coating
Two-part, ambient temperature-cured, 100% solids (no VOC’s) thermosetting liquid epoxy coatings
with an epoxy resin and a curing agent as the two parts
Two-part, 100% solids, liquid coatings with polyisocyanate and polyol as the two components
Multi-layer systems that use a flame-sprayed thermoplastic topcoat over a thermosetting resin,
typically epoxy
Consist of primer, coal tar enamel, glass fiber innerwrap, coated glass fiber, or other outerwrap with
comparable performance and optional final wrap of kraft paper

Table 1: Types of Field Joint Coatings
Type of Field Joint Coating

Hot-Applied Bituminous Tapes

Cold-Applied Polymeric Tapes

Petrolatum Tapes
Wax Tapes

Heat-Shrinkable Sleeves

Fusion-Bonded Epoxies

Liquid Epoxies

Liquid Polyurethanes

Flame-Sprayed Polyolefins

Hot-Applied Coal Tar Enamels

Fig. 8: Cold tape applied to three-layer mainline coating
Courtesy of Tyco Adhesives CPG

Fig. 9: Liquid epoxy hand applied onto 
FBE mainline coating

Courtesy of Tyco Adhesives CPG



Key considerations for a successful field joint coating scenario would include project
planning, coating selection and prequalification, surface preparation, applicator training
and certification, equipment selection, inspection, and storage and handling. Table 2
lists some of the available field joint coatings used with various mainline coatings.

Internal Diameter (ID) Coatings
Flow efficiency or corrosion coatings typically consist of an epoxy liquid that has
a sufficient thickness to coat the anchor pattern of the inside of the blasted steel pipe
(Fig. 10). These coatings are used worldwide for high-pressure gas transmission
pipelines to reduce the friction and enhance the gas flow, hence increasing the ef-
ficiency of gas delivery with less compressor horsepower. This thin coating also
provides some degree of corrosion protection, and it helps accelerate the drying
of the pipeline after hydrostatic testing, pigging, and cleaning. The main stan-
dards governing the qualification of these coatings are API RP 5L2 and ISO 15741. 
The components are pumped to a mixing block on the spray machine, where the

A and B components are mixed in the correct ratio. The mixed material then travels
to a single or multiple airless spray tip arrangement to be applied onto the ID of
the pipe. Lance coating is very common and involves a long boom that travels
through the pipe’s center spraying the liquid epoxy as it travels. Material delivery
pressures can reach 2,000–3,000 psi.
Internal coatings, besides those mentioned above, have played an important

role in corrosion control and resistance against scale formation in oil and gas pro-
duction and paraffin build up in oil production. Typical systems include 100%
solids liquid epoxies and FBE. The FBE systems may use a phenolic primer for the
adhesion to the metal substrate, while the FBE topcoat provides the barrier against
the corrosive environment.

Concrete Weight and Barrier Coatings
Concrete weight coatings (CWC) on pipes ensure that the pipes laid offshore, in wetlands,
and marshland have a negative buoyancy. (Negative buoyancy is a positive downward
force created by the weight of the concrete coating to prevent the pipe from floating
[Fig. 11]). Iron ore in the concrete increases the density, which lowers the required thickness
to provide the negative buoyancy. To prepare the surface for the concrete weight coating
the main corrosion coating surface must be prepared, so that the concrete weight coating
is applied properly.  
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Fig. 10: Liquid epoxy used for flow efficiency 
(inside pipe)

Mainline Coating
Fusion Bonded Epoxy (FBE)

Two-Layer Polyethylene (PE)

Three-Layer Polethylene

Three-Layer Polypropylene (PP)

Polymeric Tapes

Coal Tar Enamel/Asphalt

Typical Field Joint Coating
FBE,
100% solids liquid, epoxy, epoxy-urethane, 
Heat-shrink sleeves (HSS)
Cold-and hot-applied tapes
Mastic coated  two-layer HSS
Cold-and hot-applied tapes
Three-layer HSS with epoxy primer and hot melt adhesive
Multi-layer flame spray with PE
Three-layer HSS with epoxy primer and hot melt adhesive
Multi-layer flame spray with PP
FBE, Spray-applied adhesive, coextruded PP tape
Cold-and hot-applied tapes
Mastic coated HSS
Hot applied molten coal tar enamel and asphalt coatings
Heat shrinkable sleeves with asphalt based mastic adhesive

Table 2: Typical Field Joint Solutions versus Mainline Coatings



When laying pipe offshore, the anchoring of the concrete is very im-
portant because the longitudinal forces are high when the concrete pipe
coating is held in the tensioner of the lay-barge. This helps avoid slip-
page of the concrete over the corrosion coating. 
There are four types of application methods for CWC pipe: a wrap

(compression), impingement, a combination of wrap and impingement,
and forming. With the wrap method, the concrete mixture is fed onto a
belt, and the belt wraps and compresses the concrete mixture around
the pipe. At the same time, a steel wire mesh is placed within the con-
crete matrix to add reinforcement to the system. Polyethylene tape is
wrapped around the concrete to hold it in place and assist in the curing
process. The impingement method involves spraying concrete at high
speed onto the rotating pipe.
When the wrap method and the impingement method are combined,

the first half of the pipe is coated with the wrap method and is imme-
diately followed by the impingement method for the remainder of the
specified thickness. 

The forming method consists of installing sheet metal forms around the pipe with re-
inforcement wires situated within. A spacer holds the wires within the center space of
the form. CWC is then poured through the opening at the top of the form. Once the pipe
has been concrete weight coated, CWC is then allowed to fully cure. The pipe has limits
on how high it can be stacked in the yard until the concrete has fully cured (generally
3–7 days, although cure time depends on the relative humidity). 
Once out on the lay barge the pipe is welded and field joint-coated before the “infill”

is applied (Fig. 12). The infill will build up the thickness of the field joint coating to that
of the CWC. Polyurethane foam infill is typically used at the joint areas. The foam is
poured into a plastic or steel mould that is located around the field joint.
Onshore concrete or cement mortar-coated pipelines add a degree of mechanical pro-

tection to the pipeline coating as it is being handled during the construction process, es-
pecially in rocky terrains, or where selective backfill is too expensive. Concrete barrier
coatings are available that can be bent in the field. Concrete has also been used as an
insulation for casing pipe and for other pipeline-related applications.

Closing Thoughts
There are several significant trends facing the oil and gas pipeline coating industry
today. Probably one of the most significant is the choice to drill deeper wells. Pipelines
in turn will be operating at higher temperatures and pressures and this will drive future
coating developments. This will require coatings with good hot and wet performance
that can operate at higher temperatures.
With new pipeline integrity regulations recently introduced and more anticipated,

pipeline coatings will undergo rigorous inspection, which will lead to the development
of even more field friendly solutions with high performance.
To ensure success in developing new coating technologies, suppliers, applicators, con-

tractors, specifiers, and asset owners will have to work together.

About the Author
Based in Houston, TX, Mike Romano is responsible for managing Tyco Adhesives’
North American business, developing global business opportunities, and growing the
company’s relationships with engineering firms. He has more than 16 years of experience
with corrosion protection and pipelines.
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Fig. 12: Polyurethane infill on the field joint
enters water from lay barge

Courtesy of CCSI, A Bayou Company

JPCL

Fig. 11: Concrete weight coating plant using the wrap method
Courtesy of The Bayou Companies



Developments in Pipeline Protection
Reviewed
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By Brian Goldie
JPCL

Editor’s note: This article appeared in
JPCL in September 2010.

ecent developments in pipeline protection were discussed at the 18th International
Conference on Pipeline Protection, organized by the BHR Group and held in
Antwerp, Belgium (November 4–6, 2009). 

More than 20 presentations were given, with fusion-bonded epoxy (FBE) coatings being
the primary technology discussed in papers covering different aspects of the effect of
temperature on the application of FBE powders. Other main topics discussed were three-
layer polyolefin coatings (LPO), field joint coatings, and the rehabilitation of existing
pipelines.
This article summarizes some of the developments presented.

Fusion-Bonded Epoxy (FBE)
Application-related problems were the theme for the presentations on FBE. The effect of
a novel chemical, non-toxic pre-treatment on increased adhesion of the FBE layer was de-
scribed in a paper by G. Gaillard and J.L. Bouliez, of BS Coatings (France). According to
the authors, the long-term anticorrosion protection of buried pipelines is linked to the
good barrier properties of the coating, which also needs to have good adhesion to with-
stand severe conditions of high temperature and humidity. 

It has already been deter-
mined that for FBE, good bar-
rier performance is due to its
hydrophilic nature and the re-
sulting ability to maintain a
high glass transition tempera-
ture (Tg), despite humid and
hot surroundings. The key to
maintaining adhesion under
such conditions is good sur-
face preparation, usually
based on chemical pre-treat-
ment of blasted steel with
chromate- or phosphate-based
products. The authors de-
scribed the development of a
faster, solvent-free, non-toxic
chemical pre-treatment. They
then demonstrated its effect
on the adhesion of FBE coat-
ings immersed in hot water.

R

All photos courtesy of Stopaq Europe B.V.



The development of new FBE products was the subject of two presentations. J.K. Pratt
and M.L. Mallozzi of the 3M Company (USA) discussed the development of an FBE coat-
ing that could be either a stand-alone coating or a primer in a multi-layer system. The
authors reported that the new FBE could be applied at temperatures as low as 180 C
(356 F). The authors also explained that for FBE coatings to achieve optimum perform-
ance, they need to be applied at temperatures in excess of 230 C (446 F) for single-layer
systems and 200 C (392 F) for three-layer systems. High-strength steels have started to
be used for pipeline construction, but most of these grades cannot withstand pre-heat
temperatures above 200 C (392 F). The temperature limit puts constraints on the coat-
ing to be used. This new FBE coating provides a solution for protecting pipeline made
of high strength steels. The authors also highlighted the two additional benefits of the
coating—enhanced line speeds and energy savings.
M. Patterson, S. Drew, and V. Boerschel of AkzoNobel Powder Coatings GmbH (Ger-

many) described the development of a mid-Tg coating suitable for application on high-
temperature pipelines (120–150 C [248–302 F]), but still having good flexibility and good
adhesion. As the exploration and extraction of oil from fields at increasing depths
continues, pipelines need to carry these fluids at temperatures in the 120–150 C (248–
302 F) range. The authors noted that it is widely accepted that the Tg of a coating should
be at least 10 degrees C (18 degrees F) above the operating temperature of the pipeline,
but that few FBE coatings are commercially available with Tgs in the 130–160 C (266–320
F) range. The few that exist have limited flexibility, particularly at low temperatures.
The low flexibility limits the range of environmental conditions that pipelines coated
with the products can withstand. The paper presented the development of a range of
mid-Tg FBE powder coatings (Tgs in the 130-150 C [266–320 F] range) that had
demonstrated excellent adhesion and mechanical properties down to -60 C (-76 F).
The use of kinetic and rheological tools to predict melt viscosity and curing behavior

of FBE powder was presented in a paper by M.A. Shafi et al., The Dow Chemical Company
(USA). The authors explained how the approach could be used to select the appropriate
powder for the specific application. During the application of FBE coating, the powder
must melt, flow, and cure before quenching. The minimum melt viscosity of the FBE
powder is critical. Melt viscosity influences the ability of the material to form a uniform
layer on the substrate before it gels. Consequently, achieving the correct balance

between the rheology and cure kinetics
is important to maximize the coating
performance.

Three-Layer Polyolefin Coatings
The presentations on three-layer
polyolefin (LPO) coatings included the
results of two studies. A. Hussain and C.
Pflugbeil, Comtech GmbH (Germany),
described the findings of an analytical
study of three-layer polyethylene
coatings with emphasis on the FBE
primer/substrate interface. 
A team of experts from the US and

Canada reported results from an
extensive study (sponsored by the US
Department of Transportation [DOT]) of
the disbondment of the FBE layer from
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the steel surface and topcoat cracking. According to the authors of the DOT study, there
have been several incidents of coating disbondment at the FBE-steel interface of three-
layer polyolefin coatings and polypropylene cracking reported in the literature. The
research analyzed the residual stresses in LPO coating systems and how these stresses
affect coating disbondment and the polypropylene topcoating cracking. The high
coefficient of thermal expansion of three-layer LPO coating materials generates high
residual stresses, which remain high due to their low water absorption and permeability.
The three-layer LPO coating can delaminate from the steel substrate if the FBE/steel
interfacial strength becomes low. This reduced strength could be due to poor surface
preparation, under-cure, or thermo-oxidative or hydrothermal ageing, and the
delamination is more severe if the polyolefin layer is thicker. The polypropylene topcoat
degrades by thermo-oxidation either during the extrusion process or in storage under
direct sunlight. The residual stresses will cause cracking of the polypropylene if its
strength retention becomes lower than the residual stresses. 
A further presentation from O. Henschke, Dow Europe GmbH (Switzerland), described

a new three-layer polyethylene coating suitable for high temperature pipeline
applications. The system is based on a maleic anhydride-grafted adhesive resin with
excellent peel strength at high-temperatures and a high-density polyethylene topcoat.

Field Joint Coatings 
Field coatings are traditionally thought of as the weak link in corrosion protection of
pipelines. Two presentations addressed this concern. The paper by M. Mallozzi and M.
Perez, the 3M Company (USA), described the development of a new coating system,
based on an interpenetrating network of linear polyolefins and monomeric epoxy. The
coating has the ability to adhere to the FBE primer without the need of a polyolefin
adhesive. The network coating is also compatible with polypropylene topcoats to give
a seamless system between the field joint coating and the factory applied pipe coating. 
The second paper, by D. Tailor and E. Tacoma of Canusa-CPS (Canada), reviewed the

recent installation of a 24-inch gas pipeline across the Mediterranean Sea. The authors
focused on the field joint coating solutions adopted for onshore, shallow water, and
deepwater sections. The solutions involved a number of joint system designs and
installation innovations to meet the project requirements.

Maintenance and Rehabilitation
Pipeline rehabilitation for the 21st century was the subject of a presentation from T.J.M.
Bond et al. of Pipestream® Inc (USA) and  Xodus Group Ltd (UK). The authors described
a method to continuously apply reinforcing steel strips to existing corroded pipelines
in the ground, while they are still operating, to reinstate them to their original condition.
According to the authors, the benefits to the owners of continuous reinforcement from
one valve to the next are greater throughput and higher operating pressures with
renewed asset integrity for the design life.
The repair system has three components.

• Ultra-high-strength steel (UHSS) strip helically wrapped round the defect area and
factory coated with FBE for corrosion protection.
• Heat- and chemical-resistant epoxy adhesive, manually applied to fill any corrosion
pits and to bridge weld caps. This adhesive allows direct transfer of hoop stress to the
reinforcing strips. A different epoxy is used to bond the strips to the pipe.
• Concentrically-wrapped terminating UHSS strips to retain the ends of the reinforcing
strips and prevent them from becoming unwound or disbonded from the pipe. These
strips are also coated with FBE for corrosion protection.
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The authors reported a demonstration project carried out to confirm the efficiency
and viability of the concept. Defects were introduced into a 10-inch-long New Process
Steel pipe, 5.9 mm wall thickness x 42 inches inside diameter, by removing 4.8 mm of
wall thickness. These defects were rehabilitated with a total thickness of 2.2 mm of UHSS
strip. The repair proved to be stronger than the original pipe, with burst pressures well
in excess of 200 bar (~3,000 psi). 
An alternative rehabilitation process was explained by M. Schad et al. of Denso GmbH

(Germany). They described the use of state-of-the-art tape wrappings and polyurethane
coatings as economical solutions for a variety of project requirements. This detailed
presentation covered a range of pipeline coatings in use today that have to be rehabili-
tated, including bitumen, coal tars, PVC tape with hot-melt or bituminous adhesives and
PE tapes with hot-melt or butyl rubber adhesives. The authors discussed material prop-
erties needed for the rehabilitation process and how they can be met by three-ply tapes
or hot-spray applied polyurethane. The use of self-amalgamating three-ply tapes in the
refurbishment of a 40-inch oil pipeline is also described in detail. The authors concluded
that for the refurbishment of pipelines operating up to 50 C, three-ply tapes offer the
widest range to meet the many conditions on site and can be applied at temperatures
from –35 to + 60 C. For higher operating temperatures or for increased mechanical re-
sistance, thermosetting compounds based on polyurethane or epoxy would be a better
choice, the authors said.
The renovation of the pumped water storage system of the Wehr hydro-power station

in southern Germany was described by A. Zwangzinger of Corro Tec Korrosionsschultz
Vertriebsges (Germany) and co-authors from the power station owners and energy supply
company. The plant had been in operation for 30 years. Over 12 months, approximately
41,000 m2 of steel surfaces were renovated. The old tar-based coating was removed by
abrasive blasting and recoated with two to three coats of a solvent-free epoxy system.
The authors concluded that this system, compared to more conventional products,
improved the quality of the recoating and reduced the time spent on the renovation,
both critical aspects for the owners. 
F.A. Orr et al. of Applied Concrete Systems Partnership (UK) described the use of a

rapid hardening concrete cloth for pipeline protection and also as an aid for access in
difficult terrains. The concrete cloth consists of a pre-blended cement mix held between
two layers of polypropylene and PET fibers.The cloth was initially developed to produce
tough, self-supporting, demountable shelters for military and humanitarian aid de-
ployment. The cement blend within the cloth matrix was designed to match the perme-
ability of the carrier cloth to permit water to penetrate to the interior and subsequently
hydrate the cement, producing a durable, stable structure. The hardening is achieved by
either passing the impregnated cloth through a tank of water as the cloth is unwound
or by placing the cloth as a sheet in the required position and hosing the set-up with
water.
The authors gave examples of using the concrete cloth as a pipe coating to provide

a rock shield during back-fill; or to act as a weight coating, or to provide temporary
(or permanent) bunds, ditches, or hard standing for tracked vehicles during pipelaying.
According to the authors, the system allows flexibility of application, coupled with the
simplicity and practicality of a product on a roll to provide concrete protective coatings. 

Further Information
The complete set of papers presented at the conference can be obtained from the
organizers, the BHR Group, www.bhrconferences.com. JPCL
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How Fusion-Bonded Epoxies Protect Pipeline:
Single- and Double-Layer SystemsBy J. Alan Kehr,

3M Company

Editor’s note: This article appeared in
JPCL in March 2003, and is based on
Chapter 3 of Fusion-Bonded Epoxy (FBE):
A Foundation for Pipeline Corrosion
Protection, by J. Alan Kehr, 3M Co.,
published by NACE International,
Houston, Texas, 2003.

BE coatings have been in use since 1960 and, as such, are often mistakenly
viewed as an established, unchanging technology. But in fact, FBE formulations
of today are substantially different from their predecessors of even a few years

ago. Environmental conditions into which coated pipelines are placed and performance
expectations have changed with time, often increasing in severity. FBE coatings have
continuously evolved to meet these new challenges.1 Most notably, adhesion and
resistance to handling damage have improved markedly without compromising the
properties of earlier FBEs.
A fusion-bonded epoxy is a one-part, thermosetting epoxy resin powder that needs

heat to melt, crosslink, and adhere to a metal substrate.2 It provides a coating with
strong adhesion and a tough, smooth finish resistant to abrasion, chemical degrada-
tion, and soil stress. It is a 100% solids system with no solvents.3 This combination of
properties—particularly the ease of use as well as physical and chemical durability—
make FBE well-suited as a protective coating under a wide variety of environmental
conditions.4

The indirect and direct costs of corrosion are estimated at 3 to 4% of the gross
national product in developed countries.5 Selection of the most economically effective
technique for mitigating the effects of corrosion is a critical design decision for
minimizing these costs. 
The protection of pipelines, valves, fittings, and field joints from corrosion is

necessary to ensure long-term operation; minimize maintenance; and prevent costly
service disruption, loss of life, and injury. These protective measures are extremely
important, although they represent only a fraction of the overall cost of a pipeline
system. FBE coatings offer a solution to the protection of a wide variety of compo-
nents in numerous applications. This is why FBE is the cornerstone of external
pipeline corrosion protection for many gas corporations, oil companies, and water
departments around the world. 

F

Photo courtesy of 3M Company
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There are, of course, other systems, such as three-layer polyethylene or polypropylene
systems also used for external pipeline corrosion mitigation. These have been discussed
elsewhere.6 This article will describe the use of single-layer and dual-layer FBE for
pipeline externals, with an emphasis on their protective properties and suitable ways
to measure those properties. Test results will also be given.

External Pipe Coating
There are a number of performance factors to consider when selecting an external
pipeline coating including7,8

• physical and chemical stability of the coating in the pipeline environment,
• resistance to soil stress,
• adhesion, 
• resistance to impact, and
• resistance to cathodic disbondment (CD).
FBE coatings possess all of the aforementioned traits. Typically, FBE coatings are single-

layer materials applied in a thickness range of 350 µm (14 mils) to 500 µm (20 mils).
To enhance specific properties, pipeline owners may specify increased coating thick-
nesses—as much as 1500 µm (60 mils). This thickness increase improves resistance to
both high-temperature CD and damage. 

Properties of FBE Single-Layer Pipe Coating
There are a number of properties that make FBE coatings useful as pipe coatings. They
exhibit
• excellent adhesion to steel;
• good chemical resistance;
• non-shielding—work with cathodic protection (CP);
• no reported cases of stress-corrosion cracking (SCC) of pipe coated with FBE;9

• resistance to biological attack; and
• toughness—frequently installed under the sea, through rolling plains, in rocky,
mountainous areas, in the desert, and in the arctic.
These properties will be detailed below along with ways of testing for them.

Testing for Adhesion to Steel
Adhesion is generally accepted as an important property of all
coatings.10 It is one of the properties that has improved signifi-
cantly in FBE over the years. 
Two common tests used to measure adhesion of FBE coatings

are overlap shear and pull-off.11,12 The overlap shear test is con-
ducted by gluing together two pieces of metal using the FBE pow-
der coating material and pulling the metal plates apart in shear
mode.13 The normal mode of failure in the overlap shear test is co-
hesive—the coating is ripped apart, leaving it adhered to both
pieces of metal. Reported results indicate the shear strength of
the coating. Since the coating is still adhering to the test plates,
the adhesion is greater than the reported value.
Pull-off tests are conducted by attaching a dolly to the coating

(Fig. 1). There are two methods of attaching the dolly. One
method is attachment before gellation so that the dolly adheres
directly to the coating. This procedure is difficult because of the
fast gel times of most pipe coatings and the need for verticalFig. 1: The pull-off adhesion test is not effective on newly applied FBE but

provides useful information on FBEs that have lost adhesion through
environmental exposure. Top: samples prepared for adhesion testing.
Bottom: adhesion immediately after hot water immersion and recovery
after coating has dried. Courtesy of the author
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alignment of the dolly. The second, more common method uses a liquid epoxy to glue
the dolly to the coating. In the first method, for FBE materials, failure is normally co-
hesive or at the dolly/epoxy interface. In the second method, the failure is normally
within the glue or at one of its interfaces. 
The pull-off test is more useful after the coating is exposed to an environment that

weakens adhesion, e.g., hot water immersion. The test can then be used to compare one
coating to another as a measure of relative adhesion retention. 
Another feature of FBE is its capacity for adhesion recovery. The graph at left illus-

trates the recovery that is often seen in bellhole evaluations.
Neither the pull-off test nor the overlap shear test is practical in the field. A more

common test for coating-adhesion evaluation outside the laboratory is the “X” or cross-
cut test. Although it can give erroneous results if the coating has softened or has poros-
ity, it is useful in giving at least a relative measurement of adhesion. Figure 2 gives an
example of this test. After the intersecting lines have been cut to the substrate, the
knife is used with a levering action to flick away the coating from the intersection. A
variation on this procedure, found in many industry specs, is to cut parallel lines 3 mm
(1⁄8 in.) apart and use the knife to flick away the coating between the lines.

Testing for Chemical Resistance
Epoxies are well recognized for having good chemical resistance. There are differences
among them, however, depending on the formulation. For example, acid-anhydride-
cured coatings generally have better resistance to acids than amine-cured systems and
less resistance to bases.14 But amine-cured FBE on a pipeline exterior still resists both
acids and bases well. A general rule for FBE pipeline coatings is that if the pH of the
chemical in question is measurable with paper, i.e., pH of 2 to 13, the coating will per-
form in the environment. Generally, hydrocarbon spills do not attack FBE pipeline coat-
ings.15

FBE coatings are resistant to attack from chemicals normally found in the soil. Some
chemicals may affect the CD reaction and accelerate or slow the loss of adhesion
around a holiday but do not attack the coating itself. For example, CD occurs faster in
a basic environment than an acid environment.16 If there is a holiday and insufficient
or no CP, a corrosive agent such as an acid of any kind will attack the exposed metal,
and corrosion can undermine the coating. 
If there are no holidays, a coating can perform better in salt water than in fresh water.

Fresh water has a higher osmotic gradient, and, if contaminants are present under the
coating, fresh water causes blistering faster than salt water. 
FBE coatings also resist damage from solvents, but some precautions are in order.

Some solvents, such as alcohols, can soften an FBE and cause it to swell, increasing sus-
ceptibility to damage. Oxidizing agents can also attack the coating, resulting in thick-
ness loss. Pipelines through landfills or around chemical plants may be susceptible to
chemical attack. Higher temperatures normally accelerate a chemical reaction. Check-
ing with the coating manufacturer provides guidance for concerns about exposure to
solvents, oxidizing agents, or chemical disposal sites. 

Testing for Non-Shielding Properties
It is well-accepted that coatings must act as an effective electrical insulator.17,18 It is im-
portant to remember that ‘effective’ does not necessarily mean extraordinarily high.
The resistance must be high enough to minimize current flow through the coating. It
should be low enough to allow sufficient current flow to protect the steel (via CP) if dis-
bondment or blistering occurs. FBE maintains that balance (Fig. 3).

Fig. 2: Cross-cut test:
After intersecting lines
are cut to the substrate,
a knife is used to flick
the coating away from
the intersection.
Courtesy of the author
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While the expected performance is good adhesion
and no blistering, when loss of adhesion or blistering
occurs and CP is adequate, the steel beneath the coat-
ing does not pit. Steel discoloration is common, but the
pH of the water beneath the coating is normally basic
(high pH). Neal suggests that the steel discoloration is
due to the development of a magnetite layer, which in
itself is an important component in the protection of
the pipeline.19

To work well with CP, the coating must not only be
non-shielding and minimize current flow; it must also
resist CD. While FBE systems generally provide good
CD resistance, there are differences among commer-
cially available systems (Fig. 4). Because of FBE’s high
performance, short-term tests do not readily differenti-
ate among coatings. For example, all of the coatings in
Fig. 4 provided an average 2-millimeter radius dis-
bondment (measured from the center of the 3.2-mil-
limeter [1⁄8-inch] intentional holiday) in a 48-hour, 23 C
(74 F) test. The same coatings after a 28-day, 65 C (149 F)
test ranged from a 4-millimeter radius disbondment to
a 14-millimeter radius disbondment, depending on the
coating system.20 Differentiation among commercially
available FBE coatings requires longer-term, higher-
temperature disbondment tests.

Canadian Report on Non-Stress-Corrosion Cracking
There have been no reported cases of SCC associated
with FBE pipeline coatings. A 1996 Canadian National
Energy Board report concluded that a coating must pro-
vide the following characteristics to avoid SCC of the
pipe.21

• The coating must remain bonded to the extent that it
separates the pipeline steel from an SCC chemical, e.g.,
bicarbonate, environment.
• It must allow the passage of current in case of bond
failure when used with CP.
• The application process must alter the surface to

make it less susceptible to SCC (remove mill scale and induce stress through blast
cleaning).22

The Canadian report concluded that FBE was one of the high-performance coatings
that meet these requirements. Other coatings included extruded PE, multilayer poly-
olefin systems, liquid epoxies, and liquid urethanes.

Testing for Resistance to Biological Attack
A World War II study demonstrated that to avoid fungal or bacterial attack, the coating
should be formulated with materials that cannot be used by biological organisms for
food.23 A 1969 study of over 20 epoxy coatings, including two early FBE pipe coatings,
showed them to be resistant to attack by fungi according to Method 508 of Specification
MIL-STD-810B.24,25

Fig. 3: FBE was saturated for 40 days in a 3% NaCl solution with and without a
six-volt cathodic protection set-up. The FBE maintained insulation resistance.
Courtesy of the author and 3M

Fig. 4: Different FBE systems provide varying CD resistance.
28 Day, 65°C, -1.5 volt, 3% NaCl
Courtesy of the author
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Termite resistance of FBE coatings was demonstrated in a 1975 Australian study. After
exposure, following the procedure of Gay, Greaves, Holdaway, and Wetherly, to 84 days
in colonies of Coptotermes acinaciformis and Mastotermes darwiniensis, the two FBE
pipe coatings were undamaged.26 The visual assessments followed those by Gay and
Wetherly.27,28 Even under a microscope there were no surface nibbles on the FBE. 
In contrast, samples of vinyl and PE tape, a heat-shrink sleeve, extruded PE, and coal

tar all suffered damage from Coptotermes acinaciformis. All but the shrink sleeve and
one of the extruded PE coatings (along with the two FBE coatings) were attacked by
Mastotermes darwiniensis.

Toughness
Toughness includes all the characteristics that allow a pipeline coating to get into the
ground with a minimum amount of damage. Performance measurements are a combi-
nation of field history, experience, and laboratory testing.
The major usefulness of laboratory tests is in coating ranking. Laboratory tests are

too simple to capture all of the requirements of field installation but are good at
providing comparative data among coating systems.
Field experience is vital but complex. Field experience is complicated by factors such

as contractor-handling capabilities and practices, terrain, and installation methods.
The same coating installed by different contractors can sustain significantly different
levels of damage. 
• Penetration Resistance. A major problem with early thermoplastic coatings was cold
flow during storage. The weight of the pipe and hot days caused the coating material
or adhesive to deform or split. A penetration or indentation test is designed to measure
the resistance to flow at expected storage or operating temperatures.29

FBE coatings are thermosetting and have high-compression strength—another labo-
ratory measure of indentation resistance. Pipes with FBE coating can be stacked as high
as safety allows. Penetration resistance is also important after installation, where the
weight of the pipe rests on small stones or other hard objects in the ditch fill material.
It also allows for more efficient pipe laying methods such as the use of a roller cradle,
a device that simplifies pipeline installation but requires a penetration-resistant coating.
• Impact Resistance. Any organic material caught between a falling rock and a hard
place, e.g., steel, is going to suffer. The range of impact force during pipe handling and
installation varies greatly depending on handling techniques, accidents, and proce-
dures. Improved impact resistance means less damage. 
FBE coatings have several valuable characteristics when it comes to impact damage:

• good impact resistance,
• impact damage limited to the contact area,
• damage easily seen, and
• damage easily repaired using commonly available systems such as a two-part epoxy.
For some coating systems, damage extends beyond the impact zone and is not easily

seen in its entirety. For FBE coatings, the damage is normally limited to the point of
collision, so the damage is easily seen.
Evaluating impact test data is complicated by the fact that there are several test vari-

ables that drastically change the reported results (Fig. 5). The most important one is
the substrate. The force of the impact is borne by both the coating and the substrate.
If the substrate is thin enough to deform, it absorbs much of the force and allows the
coating to survive intact.  
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Other factors that affect results involve the test apparatus itself.30 The base is im-
portant. The impact-test apparatus resting on a resilient laboratory bench gives higher
results than one affixed to a solid block of wood. A thin substrate backed by steel gives
a lower result than the same test pipe or plate that is allowed to deform on impact.
Equipment maintenance is also important. The tup (striking surface of the impact test)
eventually flattens after repeated use and must be replaced.31 Coating thickness also
plays an important role.
• Abrasion Resistance. Abrasion resistance is a factor in many performance situations.
During transportation, cinders and grit can get between pieces of pipe. For that reason,
there should be separators to prevent intimate contact between pipe joints. Normal
handling often includes accidental dragging along a hard surface, such as wood sup-
ports. Abrasion also takes place during directional drill installation and back filling. 
• Flexibility. Most pipelines require bending to meet the contours of the landscape or
the installation process. For sharp bends, the pipe is bent first and then coated.
Specifications ASME B31.8 for pipeline transported gases and ASME B31.4 for liquids

dictate the amount of allowed bending for pipeline steel.32,33 Reel-barge installation re-
quires greater coating flexibility because of smaller radius bends. Most pipeline coat-
ing specifications call for flexibility in excess of actual field-bending requirements.
That is partly due to concerns about spring back and permanent set of the pipeline
steel. To attain a 1.5-degree per pipe diameter bend, the pipe must be bent slightly be-
yond that to account for flexing. 
Some high-temperature FBE coatings have limited flexibility. That may mean that the

pipeline design will have to limit the amount of on-site bending. Alternatively, the bends
will have to be fabricated before coating application.
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Fig. 5: Measuring impact—test variables affect results
5a (left): Effect of panel deformation—a thin, unreinforced plate yields and absorbs some of the impact energy.

5b (right): Warming up to the glass transition temperature increases the impact resistance of FBE.

Fig. 5c: Damage is restricted to the immediate area of impact.
Courtesy of the author
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Summary: FBE Single-Layer Pipe Coating
Since introduced in 1960, single-layer FBE has proven its capability as a pipeline
coating and is now the most commonly used pipeline coating in North America with
a large following in the rest of the world. It not only has the performance character-
istics important to the application and the construction processes, but also has
proven performance in underground and undersea service. It has proven effective
for line pipe, girthwelds, fittings, and bends. When used at a greater thickness, it has
worked effectively with impinged concrete and directional-bore installation.

Dual-Coat FBE
Since the introduction of dual-coat FBE systems in the early 1990s, even greater FBE-
coating capability is available.34 Two-layer FBE systems utilize the application of a sec-
ond FBE on top of the base FBE coating. The top layer typically, but not necessarily, is
deposited during the melt (pre-gelation) stage of the primary layer. The result is an
intimate chemical bond between the two layers.35 A significant advantage of multilayer
technology is that unique characteristics can be developed by selection of different
coating layers with specific properties.36 Each layer can be designed to impart specific
characteristics that combine to produce performance results that significantly exceed
those of a single coating.
The use of two or more layers of FBE coatings provides much greater versatility to

the FBE’s capability. The primary layer is typically a coating material designed as part
of a corrosion protection system. That means it has good initial adhesion and main-
tains adhesion after exposure to hot water or other environmental factors. For under-
ground pipeline service, it also must resist CD.
The top layer can provide many different attributes, depending on coating system

requirements. It can provide protection against mechanical damage—e.g., impact, abra-
sion, and gouge. These coatings are frequently used for directional-drill installation.
The topcoat can provide different colors and resistance to UV and chalking. Alterna-
tively, it can be a rough coat that increases friction values of the coating. Examples of
using dual-coating FBE systems to strengthen coating properties are presented below.

Impact Resistance
There are several ways to improve impact resistance by using dual-layer FBE systems.37

Figure 6 illustrates that the design of both the primary and topcoat plays a significant
role. 
Dual-coating systems do not need greater thickness to attain improved properties. 
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Fig. 6 (left): Impact properties can be built into the basecoat and (right) into the topcoat
Courtesy of the author 
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Abrasion/Gouge Resistance
For abrasion resistance, a dual-layer FBE system rather than a single-layer FBE can be
used on pipe installed via directional boring, where rough construction practices are
used, or for installation in rugged terrain. The topcoat in dual-layer systems resists
gouging, cutting, and penetration from sharp backfill while the first layer provides
corrosion protection and related properties.
Laboratory gouge tests are under development to compare resistance to gouge damage

inherent in this pipeline installation procedure.38

Because of the higher filler loading of gouge-resistant coatings, one of the concerns
with them is flexibility.32,33 For directional-drill installation, this is not a major concern
because the actual bend-induced lengthening of the coating is small. However, if the
coating is selected for resistance to damage during installation in a rugged environ-
ment, e.g., rocky soil or mountainous terrain, then it must have the capability to with-
stand normal pipe bends. Figure 7 illustrates the test method and comparative coating
results. 

High-Friction Surface Coating (Anti-Slip)
A friction-enhancing rough coating reduces slippage between concrete and coating for
installations where concrete-weight coating provides negative buoyancy. End users
have claimed slippage resistance increased by as much as 200% because of the in-
creased friction between the FBE coating and the concrete. These coatings also improve
traction for offshore installation of small diameter pipe where there is no concrete
overcoating.39 Finally, they are specified for personnel safety during installation be-
cause the rough coating provides surer footing when the pipe is walked on.
While rough-surfaced FBE topcoating materials can significantly improve the coating

friction factor, use of a two-part liquid epoxy bonding agent reduces the probability of
concrete weight-coating slippage by a large multiple. Figure 8 gives production test
results that demonstrate the improvement.40

High-Temperature Performance
A combination of an adhesion-enhanced basecoat with a thick-layer topcoat provides
high-temperature performance with significantly improved CD resistance and adhesion
retention. Several FBE manufacturers indicate that dual-coating systems can be used at
operating temperatures of 110 C (230 F) or higher. 
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Fig. 7 (left): Laboratory bend test is useful for determining whether a tough coating also has the required flexibility
(right): Relative flexibility of three commercially available dual-coat FBEs

Courtesy of the author



Ultraviolet (UV) Resistance (Weathering)
FBE coatings develop a chalk layer when exposed to humidity and solar radiation in the
high-energy, longer wavelength end of the ultraviolet spectrum of sunlight (approxi-
mately 180 nm to 400 nm). The chalk layer is protective and prevents significant
change in properties. However, under some climate or physical conditions—rain or
blowing sand, for example—the chalk layer is removed. The newly exposed coating
chalks again. The process can result in a loss of 10 mm to 40 mm (0.4 mil to 1.6 mils)
per year. To prevent coating thickness loss during atmospheric exposure or to provide
a specific color, a weatherable powder coating can be used as a topcoat. Otherwise, the
coated pipe can be covered. 

Summary: Dual-Coat FBE
Utilizing two or more layers of FBE coatings provides much greater versatility to coat-
ing protection system capability than one layer of FBE. The primary layer is normally
designed as part of a corrosion mitigation system. The top layer can provide a differ-
ent attribute, depending on performance requirements. It can provide protection
against mechanical damage. It can provide different colors and resistance to UV and
chalking. Or, it can be a rough coat that increases friction values of the coating.
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Liquid Coatings for Girthwelds and Joints:
Proven Corrosion Protection for Pipelines
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in Paphos, Cyprus, November 2–4,
2005, and is published in the 
conference Proceedings.

nvironmental and cost constraint issues drive the use of liquid epoxies and
liquid urethanes for the protection of girthwelds and joints on pipelines. 
This article will use case histories to illustrate the field application of urethane

and epoxy liquid coatings on girthwelds and appurtenances. Rehabilitation projects
provide the backbone of the article. Specific requirements of liquid coatings and
performance characteristics are included. The article also discusses why the use of
liquid coatings is increasing and spells out the steps for their application.

Why Liquid Coatings?
An advantage of using liquid coatings in the place of FBE on girthwelds and joints on
pipelines is that, unlike FBE or other powder coatings, under most conditions, liquid
coatings do not require extra heat to achieve cure. On-site field application is therefore
simplified because only cleaning and application equipment are needed.1,2 Recent
developments in chemistry and technology have led to liquid coatings with performance
characteristics that approach those of FBE coatings (Table 1). 

Fitness for Use 
Two types of information help determine whether or not a coating system is fit for use
on a given project. Testing the performance and properties of the system is one source.
The other source is performance history of the system in an exposure environment sim-
ilar to what will be encountered in the upcoming project. Therefore, the first case his-
tory in this article reports on the long-term performance of liquid coatings on an
underground storage tank. Subsequent cases in the article will report on the perform-
ance of similar coatings on pipelines in underground service.

Case History: Underground Tanks in Italy
For protection of steel tanks for underground service, the end user originally planned
to prime the steel tanks and apply a polyethylene (PE) tape as the corrosion coating.
During trials, the application process took several days, and during that time, exposure
to the sun caused the tape to disbond. In addition, wrinkling was a problem, as was
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Test/Property
Cathodic disbondment resistance–
14 days, 65 C, 1.5 V, mmr
Impact – ASTM G-14
16 mm tup, 24 C
Material cost per unit volume
Moisture vapor transmission3

Time to backfill – minutes @ 24 C

FBE-Single Layer
4.3

2.4

X
1.8
–

Liquid Epoxy
6.5

2.8

3.1X
1.8
160

Liquid Urethane
9

3.2

2.6X
4.3
30

Table 1: Performance Properties of Rehab Coatings

Photos courtesy of the authors
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application to irregularly shaped areas. Follow-up trials showed that a two-part liquid
epoxy was a viable solution. Based on technical4 and application factors, a material was
selected, and the tanks were coated. The tanks were transported 300 km, installed, and
buried. This project was done in 1992. 
Monitoring of the cathodic protection indicated that the coating was performing

satisfactorily after 13 years. In April 2005, a support wall collapsed, allowing an
opportunity for visual inspection of the coating (Fig. 1). All parties were satisfied with
the coating performance.

Five years after the first tanks were coated, a second set of tanks was coated with an
epoxy-tar material and installed. An inspection in April 2005 revealed severe disbonding
of the coating.
While the project above is a specific case history that shows that liquid coatings can

perform well, it also illustrates the importance of material selection and/or application.
Liquid coatings have a track record of more than 40 years of performance in pipeline or
similar underground situations.

Application Principles of Liquid Coatings
The application process for liquid coatings consists of simple steps—cleaning the sub-
strate, applying the coating material, and allowing the coating to cure. Although the
process is simple, details of each step are important.

Cleaning the Substrate
First, foreign materials, e.g., old coating, dirt, oil, and grease, should be removed. Sharp
edges should be ground to approximately a 3 mm radius, and weld spatter should be
removed with chipping hammers, files, or grinding wheels. Next, the area should be
blast cleaned to an acceptable standard such as NACE  No. 2/SSPC-SP 10, Near-White
Blast Cleaning.5 Blast cleaning can be performed with automated equipment (Fig. 2A) or
by hand (Fig. 2B). 
Blast cleaning also establishes an anchor pattern or surface roughness. Typical spec-

ifications call for a surface profile depth of 40 to 100 µm. Angular media, such as inor-
ganic minerals or hardened steel grit, readily provide a profile depth in that range.

Fig. 1: Underground Tanks in Italy



Selection and testing of the specific blast media are important. Merely establishing a
specified profile depth or peak count does not assure that the the coating will perform
well.
Removing inorganic salts from the steel surface is critical. Many standards call for re-

blasting if rust bloom occurs. If rust bloom occurs within a few hours of blast cleaning,
it indicates the presence of salt on the steel. Blast cleaning alone is normally insufficient
to remove salt. A water or acid wash may be required after blasting or between blast
steps.
To prevent the blast cleaning process itself from contaminating the steel, condensate

traps should be used to remove potential contaminants—oil and water—from the com-
pressed air that powers the blast cleaning system. After blasting, residual dust should
be removed either by vacuum or by blowing down the steel with clean compressed air.
The blast process also roughens and feathers the factory-applied coating.

Application
With 100% solids materials, there are three methods of application—hand (brush, roller,
or squeegee), manual spray, and automated spray. Each application technique has its
advantages and disadvantages.
• Hand application: Hand application depends on the skill of the operator in both pre-
mixing and application. The process is slower than manual or automated spray, is more
labor intensive, and brings the operators into closer contact with the coating material—
thus increasing the risk of exposure if proper protective/respiratory equipment is not
used. Because hand application is a slower process, slow-cure materials are typically
used to increase the pot life. That means a longer cure time before burial or handling.
Hand application is effective for small coating projects.
• Spray application: Without the addition of solvent, manual spray application requires
the use of plural-component spray systems (Fig. 3A). These systems are designed to
properly proportion the two-component liquid coating, thus reducing the probability of
error. There is less handling of the coating material, which reduces the risk of skin con-
tact, but spray operations require respiratory protection for workers. Manual spray is
generally faster than hand application. 
Spray-grade coatings are designed to react faster than hand-applied coatings, reduc-

ing the probability of contamination from flying debris or insects. The process is well-
suited to large or irregularly shaped objects.
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• Automated spray: Automatic spray application requires specialized fit-for-purpose
equipment (Fig. 3B). It uses proportioning equipment similar to the type used in man-
ual spray operation. Automated spray is usually suitable for uniformly mixed and
shaped objects, such as girthwelds for pipeline coating rehabilitation. It provides greater
control over coating thickness and uniformity, thereby saving material. This approach
requires more set-up time, but can be much faster than hand or manual spray application.

Coating Cure
The time required for a coating to gel and cure depends on the specific material, the tem-
perature of the steel, and the atmospheric conditions. Urethanes can be designed to
cure faster and at lower temperatures than epoxies.
The manufacturer’s data sheet will give the lowest and highest allowable cure tem-

peratures. If the steel or ambient temperature is below the cure range of the specific
coating, the manufacturer’s instructions for reheating the steel part should be followed.
Without specific instructions from the coating or material manufacturer, a good starting
point to ensure cure is to heat the part to about 65 C (18 F) if the ambient temperature
is between -10 C (14 F) and 10 C (50 F). If the temperature is below -10 C, the part should
be preheated to about 90 C (194 F). 
If the temperature of the steel part is above 90 C (194 F), then care must be taken in

applying the coatings to prevent volatilization of coating components. One way to avoid
the problem is to first apply a thin layer of the coating (250 µm or less) and allow it to
gel before applying the remainder of the coating to attain the specified thickness.

Liquid Coatings for Girthweld Protection
Over one million girthwelds have been coated with liquid materials in environments
ranging from the tropics to arid deserts8 to the frigid plains of Russia. While two-part liq-
uid coatings have a long track record of performance on steel and as girthweld coatings
for FBE, only in the past few years have they been used for girthwelds for PE and
polypropylene (PP) three-layer pipe coatings. The critical issue is adhesion to the poly-
olefin material. 

Adhesion Testing
To determine the achievable bond, adhesion tests were conducted recently on a
urethane applied to PP. The PP surface was abraded during blast cleaning and thermally
oxidized with a gas flame before the coating application. Pull-off adhesion ranged from

Fig. 3: Examples of Coating Application Methods
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12.2 to 13.2 MPa for four tests.9 In all cases, the failure was in the glue, not in the ure-
thane or the PP, or at the interface between the two.

Case History: Girthwelds in Russia
A urethane coating was selected for this project because it provided a good bond to the
three-layer PE pipe coating and performed well on steel pipe.10 Because of ambient tem-
perature in the range of -40 C, additional heat was required to ensure full coating cure.
Protective tents were used when blast cleaning and applying the urethane because
weather conditions were often poor (Fig. 4A). Under the heating and cleaning tent, the
joint was preheated with gas flame (Fig. 4B) and blast cleaned to an anchor profile depth
of 80 to 90 µm (Figs. 4C & D). Blast residue was removed with a stream of compressed
air. The cleaned joint was covered with PE film to protect it from moisture or other con-
tamination (Fig. 4E). The heating and cleaning tent was moved, and the application tent
was placed over the prepared joint. The PE film was removed, and the joint was pre-
heated with an induction heater to 80–90 C (176–194 F). The liquid coating was applied
at 2 mm by automatic spray equipment. After the joint was again heated to 80–90 C
(176–194 F), the application tent was moved to the next joint to begin the process again.
Initial issues with coating sag were resolved for a successful application.

Liquid Coatings for Complex Parts
What To Use in the Field
In a plant setting, FBE coatings can be efficient and effective as coatings for large, heavy,
or awkward objects, which may require a heating source such as a large holding oven. 
Conveniently shaped parts may need a portable induction coil. Large parts also may

require the use of specialized application equipment such as a fluidized bed.11 

However, except for girthweld coatings, FBE application in the field is normally im-
practical. Utilization of two-part liquid, ambient-cure coatings allows field application
to complex parts. 
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Case History: Coating Valves in the Czech Republic
Large valves (Fig. 5A) required the in-situ application of a corrosion coating. A two-part
urethane was selected for application characteristics, cure time, and corrosion-mitigation
performance.10 The valves were first blast cleaned to Near-White5 metal (Fig. 5B) and
then coated using manual spray application with a plural-component spray unit (Fig. 5C).

Liquid Coatings for Pipeline Rehabilitation
There are many factors to be considered when deciding whether to rehabilitate (replace
the coating) on an existing pipeline. These factors include regulatory considerations,
unwanted publicity because of environmental damage from a leak, loss of product, cus-
tomer dissatisfaction, and loss of revenue stream. Economic justification is a major con-
sideration for rehabilitation, and all pipeline operators typically have risk engineering
guidelines for operating a safe, reliable, and efficient pipeline system.
Once the decision is made to replace the coating, several factors in the material

selection process must be considered, e.g., cost, performance, non-shielding to cathodic
protection, application ease and efficiency, and time to backfill.

Cost
The cost of a pipeline rehabilitation depends on many factors, including terrain con-
tours and soil types. Rugged terrain and rocky soil significantly increase rehabilitation
costs. In the U.S., typical rehabilitation costs for a 620-millimeter (NPS 24) pipe is in the
range of US $100 to US $250 per meter.12,13,14,15 These are generalized numbers; there is
a major difference in costs between rehabilitation in rural farmland and urban neigh-
borhoods.
We have found that the material cost is less than 10% of a project’s total cost. Although

competitive coating materials must be reviewed, material selection is based on per-
formance, not on cost.

Performance
Most of the requirements for coatings used for a new pipeline are the same as for
replacement coatings. These requirements include resistance to soil stress and cathodic
disbondment and the ability to retain adhesion in a wet environment. Because the pipe
is normally in the ditch at the time of coating application, the ability of the coating to
resist damage from handling is not as important as for coatings applied at the factory.
However, the coating still needs to resist damage from backfill—impact resistance and
gouge resistance are important.
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Non-Shielding
Cathodic shielding occurs when a barrier prevents current from reaching the pipeline.16

A disbonded coating that is closely fitting, but not adhering, to the pipeline can allow
soil, water, and corrosive materials to flow along the metal surface between the coating
and the pipe. If the dielectric strength of the coating is too high, it can prevent the
cathodic current from protecting the steel beneath the disbonded coating. Properly de-
signed epoxy or urethane coatings have balanced electrical insulating properties so that
they allow enough current to protect the steel, even if the coating becomes disbonded. 
The following factors affect the penetration of CP current under disbonded coatings.17

• The type of coating
• The thickness and electrical resistivity of the coating
• The composition and conductivity of trapped water 
• The presence of corrosion products
Many tests and much of the literature call for coatings used with CP to have high

dielectric strength.18,19 To preclude shielding, the resistance must be high enough to
minimize current flow through the coating, but low enough to allow sufficient current
flow to penetrate the coating and protect the steel if disbondment or blistering occurs.
Thick coatings with high electrical resistivity can result in cathodic shielding.

Application
All of the application techniques described earlier are used on rehabilitation projects.
The method of coating application selected depends on the project size and equipment
availability.
No matter what material is selected for rehabilitating pipeline coatings, the same

general steps should be taken when applying the coatings in the field.
1. Expose the pipe.
2. Remove the old coating.
3. Inspect the pipe and make needed repair/replacement.
4. Prepare the surface.
5. Apply the new coating.
6. Hydrostatically test the pipe, if possible. If the pipe is removed from the ditch and
mechanically worked, it is normally hydrostatically tested before being put into service.
The pipe is pressure tested by being filled with water and internally compressed to test
the steel strength.
7. Bury the pipe
An advantage of using liquid coatings on pipeline is that the space below the pipe

typically requires 0.5 m or less for blast cleaning and coating application. That means
a substantial cost savings in earth removal compared to some coating application
procedures that require greater clearance. 

Time to Backfill
A rapid-cure coating is advantageous in pipeline coating rehabilitation projects because
it allows faster pipeline reburial. This is particularly true where there may be a premium
for getting roadways operational in a short time. In general, the chemistry of urethane
coatings allows faster backfill times.

Case History: Liquid Epoxy in Alabama
In this case, close-interval surveys showed areas on a pipe that were not fully cathodi-
cally protected. Those areas were selected for coating rehabilitation. The old coating
was removed by a high-pressure wash; the pipeline was abrasive blast cleaned; and a
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Fig. 7: Rehabilitation in Kazakhstan
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two-part liquid epoxy was manually spray applied.20 The application process went well
and resulted in a good-looking coating (Figs. 6A–D). The only concern was the amount
of time required to achieve the specified cleaning standard, because it increased the
time required for the coating operation to be completed. 

Case History: Liquid Urethane in Kazakhstan
The object of a project in the Republic of Kazakhstan was to demonstrate the use of a
liquid urethane10 to rehabilitate a pipeline coating at an oil-pumping station in Atyrau.21

A bell-hole was excavated to expose the buried pipeline. The above-ground portion re-
quired a coating that withstands sunlight exposure without chalking. A local contractor22

carried out the excavation and necessary abrasive blasting to remove the old tar-based
coating (Fig. 7A).
The liquid urethane, a 3:1 mixture, was manually sprayed using a system of storage

drums, a heating system, a mixing mechanism, and 50 foot umbilical hose with a solvent
cleaning system. The equipment and material supplier carried out the spraying23 (Fig. 7B).
Observers were impressed with the ease with which the material was applied, the rel-

atively short dry-to-touch time and the aesthetics of the surface obtained. Holiday tests
at 12.5 Kv, and the 1–2 mm coating thickness passed inspection (Fig. 7C).
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Conclusion
Performance characteristics of liquid coatings have shown significant improvement over
the past few years. They have gained in acceptance and utility as part of the corrosion
mitigation system for all parts of pipeline systems.
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remature failures of pipeline coatings and subsequent corrosion are often due
to the lack of good specifications, including product selection and surface
preparation standards, and/or poor workmanship and inspection. Field joint

coatings are an integral part of the continuous corrosion protection coating system and
must be specified and applied as such.
In response to this requirement, ISO formed Technical Committee (TC) 67 to create

value-added international standards for the oil, gas, and petrochemical industries. To
date, more than 150 standards have been published, and 70 are currently in the work
program. The mission of TC 67 is to issue standards that could be adopted worldwide,
nationally or regionally (e.g., EN, NACE), and to enable companies to rationalize their
specifications. Within ISO TC 67, subcommittee (SC) 2 is devoted to pipelines and ad-
dresses all relevant topics, including corrosion. In terms of corrosion protection, several
standards have already been published by the various work groups (WG), including the
following.

ISO’s Standard for Field Joint Coating:
Understanding and Using ISO 21809-3

PEditor’s Note: This article appeared in
JPCL in July 2012. This is an updated
version of a presentation given at the
BHR Group, Field Joint Coating 
Conference, Milton Keynes, UK, 2011.
The editor would like to thank Ron Dunn,
Canusa, and David Jackson,
Pipeline Induction Heat, for their help.
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�•ISO 15589, Cathodic protection of pipeline transport systems–Part 1: On-land pipelines
and Part 2: Offshore pipelines (WG11). This was also published by NACE as a modified
adoption titled “ANSI/NACE SP0607-2007/ISO 15589-2 (MOD).”
• ISO 21809, External coatings for buried or submerged pipelines used in pipeline trans-
portation systems. A series of task groups was formed to address the various generic
types of external coatings (WG 14). These include:
• ISO 21809-1, Polyolefin coatings (3-layer PE and 3-layer PP);
• ISO 21809-2, Single layer fusion bonded epoxy (FBE) coatings;
• ISO 21809-3, Field joint coatings;
• ISO 21809-4, Polyethylene coatings;
• ISO 21809-5, External concrete coatings;
• ISO 21809-6, (In preparation) multilayer FBE coatings; and
• ISO 21809-X, Multi-component polyolefin based powder coatings–at the project

stage.
Work on ISO 21809-3 started in 2002. At that time, the main standards and recom-

mended practices in place were EN 12068 (Supply of tapes and shrinkable materials), EN
10329 (Field joint coatings), NACE RP 0402 (FBE at girth weld joints), and DNV RP F109
(Field joint coatings). After nine meetings, the new standard was published in Decem-
ber 2008, and immediately after publication, work was started on an amendment (ISO
21809-3, Amd 1) to take into account the introduction of new families of field joint coat-
ings and to correct some mistakes. This amendment was published in November 2011.
Following resolutions of WG3 of ISO TC 67, SC2, a vote on a “New work proposal” for

the complete revision of 21809-3 was approved, and that work is currently underway.
There are a number of generic coating systems that are currently covered by ISO

21809-3:2008 and Amd 1:2011. These include:
• tape coatings–bituminous, petroleum, wax, polymeric, and non-crystalline low-vis-
cosity polyolefin;
• mastic heat shrinkable sleeves;
• 3-layer, heat-shrinkable extruded polyolefin sheet (PE or PP);
• FBE–single or dual layer;
• liquid coatings–epoxies, urethanes, vinyl ester;
• polyolefin (PE or PP) systems thermally sprayed, hot applied tape or sheet, injection
moulded;
• thermal-sprayed aluminium;
• hot-applied microcrystalline wax; and
• elastomeric coatings.

Test / Property 3LPP Factory Typical Project  3LPP Joint
(Test method in Coating Requirement / Coating Requirement for

brackets) Performance Major Projects

Surface Prep Sa 2.5 Sa 2.5

Adhesion Strength ≥ 150N/cm @ 23°C ≥ 150N/cm @ 23°C
(DIN 30678) ≥ 40N/cm @ 110°C ≥ 40N/cm @ 110°C

Impact Resistance
(DIN 30678) ≥ 10J/mm ≥ 10J/mm

Indentation Resistance Maximum Penetration Maximum Penetration
(DIN 30678) ≤ 0.1mm @ 23°C ≤ 0.1mm @ 23°C

≤ 0.4mm @ 110°C ≤ 0.4mm @ 90-110°C

Shore D Hardness
(ASTM D2240) ≥ 60 Shore D ≥ 60 Shore D

Table 1: Summary of 3LPP Performance



How to Use the ISO 21809-3 Standard
The standard as published also gives advice to users on various elements within the
supply chain for field joint coatings, and in this article, the author, who is the Project
Leader of ISO TC 67 SG2 WG14-3 (the Task Group for Pipeline Field Joint Coatings), high-
lights some of the important points.
The standard contains a “library” of field joint coating systems and materials. The

standard is impartial and does not seek to directly contrast one system with another. It
sets a minimum standard for each type of coating in isolation from the others. It does
not address what cannot be used with what, i.e., parent coating compatibility is not
discussed.
It requires those who use the standard to use it constructively and wisely, and requires

that the purchaser, applicator, and end user act in unison to obtain the best results. In
using the standard, it is not enough to simply state in a specification that field joint
coatings must comply with ISO 21809-3. As stated in clause 6.1, “…designer needs to
select the appropriate field joint coating from those available in the standard, based on
parent coating compatibility, line pipe construction, location and operating conditions.”
The goal should always be to create a field joint coating with equivalent performance
(and with full compatibility) to the factory-applied coating to avoid any compromise in
pipeline integrity.
End users must be active in defining the standard they require and must take

responsibility to define the required standard and open up, or narrow, the choice available
as appropriate to the circumstances. If the objective is clearly set, then the contractor
knows whether or not specialist materials, equipment, and applicators are needed and
can plan and schedule accordingly.
The standard also defines the following for users.

• Application Procedure Specification 
• Pre-Qualification Trial 
• Pre-Production Trial 
• Inspection and Testing Plan 
• Quality Assurance versus Quality Control 
This allows the document to be further used as a tool to ensure proper and standardized

procedures are used on all projects. The following sections look at some of these points
in more detail.
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Application Procedure Specification (APS)
APS is defined in the standard as “… document describing procedures, methods, equipment
and tools to be used for coating application.” It should be prepared by the applicator and
approved by the purchaser prior to the start of production or qualification trial. The
APS covers all items associated with quality control and any agreed options for the specific
field joint coating (FJC). Once approved, the APS shall not be changed by the applicator
without prior written authorization of the purchaser. There is no requirement for the
applicator to have to divulge specific and particular “know-how” that would benefit his
competitors.

Procedure Qualification Trial (PQT)
The PQT is defined as “… application of a field joint coating and subsequent inspec-
tion/testing of its properties to confirm that the APS is able to produce coating of spec-
ified properties, carried out at the premises of the applicator or any other agreed
location.” This is used when required by the purchaser (end user or contractor) to ‘qualify’
a FJC so it can be considered in projects. It is normally not project-specific, and it may
be used to qualify an applicator so that he is eligible to apply a given FJC with a specific
process, material, equipment, and personnel. PQTs are usually carried out under
factory conditions, even when it is a project-related PQT.

Pre-Production Trials (PPT)
The definition of PPT is “… application of a coating and inspection/testing of its prop-
erties to confirm that the APS is able to produce field joint coating of specified proper-
ties, carried out in the field immediately prior to start of production.” When required by
the purchaser (end user or contractor), the PPT shall be carried out in his presence, or
that of his representative, on the first joints to be coated, or, if agreed, on a dummy
pipe. The purpose of this is to confirm that the application parameters established at the
PQT are repeatable in the field and that specified properties as verified by lab testing
are correct. It should be noted, however, that laboratories are not generally readily avail-
able close to the project site.

Inspection and Testing Plan (ITP)
The ITP is defined in the standard as “… document providing an overview of the se-
quence of inspections and tests, including resources and procedures.” The applicator
shall perform inspection and testing during production in accordance with an ITP to

36

Multi-component liquid field joint
coating application
Courtesy of Pipeline Induction Heat



verify the surface preparation, coating application, and the specified properties of the
applied FJC. The ITP shall be prepared by the applicator and shall be approved by the
purchaser prior to the start of the coating work, incorporating all agreed deviations, and
thereby superseding the original specification.
The ITP should incorporate all installation and testing parameters that must be meas-

ured (that are known to deliver the required properties) and the frequency of measure-
ment. The application parameters should be measured on every joint. The applicator has
the duty to ensure that the applied coating complies with the APS, but the applicator
doesn’t always carry out the formal inspection. If the contractor does the tests and fills
in the Coating Record Sheets, a good dialogue with the inspector(s) is essential. There
is little to be gained by waiting to the end of the shift to point out defects. Inspectors
should have appropriate qualifications and experience (to be given precedence).

Quality Assurance vs. Quality Control  
Quality Assurance (QA) tests are more onerous in terms of time and their destructive
nature. Typically they would be done for PQTs where coated joints can be cut up and sec-
tioned for long-term testing. The purpose is to confirm that the measurable parameters
used will deliver the required quality, so that those parameters can be monitored
during the production Quality Control (QC) to give assurance that the required quality
is being achieved.  
For example, if it is shown that a combination of easily measurable parameters such

as surface profile, surface cleanliness, temperature, and final thickness will produce an
FBE coating that passes the DSC, CD, and Hot Water Soak testing, then all that needs to
be measured and recorded during the field application are these properties.

Application Methods
A choice, in order of priority where appropriate, should be presented; the onus is on the
owner to stipulate which is preferred. The goal should be to maximize process control
and uniformity under the given practical conditions.
For liquid coatings, automatic spray should be the first choice, followed by manual

spray, and then brush or roller, in that order (all with abrasive blasting surface prepa-
ration).
For polyolefin-based coatings, abrasive blasting, induction heating, and automated in-

stallation (preferred) should be used. This is to maximize process control for unifor-
mity and control of surface conditions and installation temperatures wherever possible
in order to replicate factory conditions and parameters.

Considerations for Project Specification Development
Real world examples help to demonstrate best practices in specification development.
For example, in the case of 3LPP-coated pipelines, a review of numerous successful and
representative major offshore projects completed over the past decade where 3LPP coat-
ing was used, including the Bluestream, MEDGAZ, Kashagan, and Dolphin Sealines proj-
ects, among many others, indicated that in all cases, pipeline integrity was considered
critical for these high-temperature and/or deepwater PP-coated pipelines. Therefore,
the 3LPP joint coating performance on these projects was required to be essentially
equal to, or exceeding, the performance of the factory-applied 3LPP coating. The choice
of 3LPP as the factory coating was made in order to provide a certain key level of pro-
tection to the pipeline, given elevated operating temperature and/or offshore water
depth, as well as the desire to ensure effective performance under these conditions for
the entire lifetime of the pipeline. It was deemed too much of a risk to accept anything
less on the joints for these pipelines.
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In general, a small selection of joint coatings was considered as options to achieve
this performance as follows.
• 3LPP Extruded Systems:
• Pre-Extruded Heat Shrinkable PP Wrap
• Hot Applied PP Tape Wrap  

• Injection Moulded 3LPP
All coatings considered generally matched the 3LPP factory-applied coating design

and performance with the following components, which are common to each other and
to those of the factory coating:
• Initial epoxy layer for corrosion protection,
• PP copolymer adhesive to provide an effective bond of the non-polar PP outer layer to
the polar epoxy layer, and
• PP outer layer to provide high temperature protection of the epoxy layer from mois-
ture absorption and from external mechanical forces during operation.
The coatings considered offered equivalent performance to the 3LPP factory-applied
coating, and this is exactly what was required in the joint coating specifications for the
projects in question. Although specifications differ slightly, in general, the specifica-
tions for major successful 3LPP-coated pipelines executed over the past decade have re-
quired the field joint coating performance to be as summarized in Table 1 (p. 34).

Other Project-Specific Considerations
The standard is not completely definitive; there are other considera-
tions an end user and contractor must consider when applying field
joint coatings. For example, for offshore pipelines, the operating pa-
rameters, such as, but not only, temperature, water depth, and lay
method, need to be considered when selecting the optimum coating
and application method. For onshore pipelines, soil type and stress
on pipeline, backfill methods, thermal cycling, and ambient environ-
ment can also be important. The required design life is another im-
portant consideration that can affect the coating required.

Summary
In summary, ISO 21809-3 contains a library of available field joint
coatings. It sets a minimum standard for each type of coating,
in isolation from the others, but does not fully address parent coating
compatibility.

In all cases, the ultimate goal should be for the joint coating to
match the performance and design of the given factory-applied coat-
ing and to have full compatibility with that coating.

If the objectives and requirements for coating performance and surface preparation
are clearly set and the end-users take responsibility to ensure they are met by following
the defined standardized procedures, then the contractor will understand his responsi-
bilities and can plan construction accordingly. This will result in a FJC that is an integral
and strong part of the continuous corrosion protection system. 

About the Author
Marcel Roche, recently retired from Total in France, is the Project Leader of the ISO Task
Group for Pipeline Field Joint Coatings. He has written for JPCL and other publications,
and he has presented papers at industry conferences.
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he external corrosion control system for a buried pipeline consists of two parts:
the coating and the cathodic protection (CP). The primary purpose of the coating
is to protect the pipe surface from its external environment. The CP system is de-

signed to protect the pipe from corrosion should the coating be damaged or become
disbonded from the pipe. The environment for corrosion and stress-corrosion cracking
(SCC) can develop when both systems fail.
The performance of the coating depends on the events taking place during the five

stages of the coating lifetime: manufacturing, application, transportation, installation,
and field operation.
• During manufacturing of a coating, performance can be influenced by changes in raw
materials, fillers, coloring agents, wrappers, primers, binders, and adhesives. For each
change in the ingredients, the performance is evaluated until a satisfactory combination
is reached. The changes are made so that the products meet and surpass standard tests
and tests that have been developed in-house. Thus, the available data in the literature
are based on products that have been pre-screened by manufacturers. Because of the
confidential nature of product development, the relationship between coating chem-
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istry and corrosion protection is not normally available. When the coating product
comes onto the market, the applicator and end user do their own tests to validate the
products. Once the results of the manufacturer, applicator, and end user agree, the prod-
uct is applied on the pipeline for further evaluation and use.
• Most modern coatings are applied in the mill, where accurate control of the environ-
ment is possible. Coatings at the joints and coating repairs are carried out in the field.
Even a good coating is bound to fail if applied on a surface that has not been well pre-
pared. In general, surface preparation can be better controlled in the mill than in the
field, and mill-applied coatings usually a have longer lifetime than field-applied coatings.
• Line pipes, with mill-applied coatings, are transported carefully to the construction
site and stockpiled.
• At the time of installation, care is taken to avoid damage to the mill-applied coating
during field welding and application of joint coatings. After the installation of the pipe,
the coating is tested for any damage, to which suitable repair coatings are applied.
• During operation, coating performance depends on the chemical, electrochemical (i.e., CP),
and physical forces of the underground environment. 
Standards developed by various organizations play a vital role in each of the five

stages. Standards used to evaluate coatings during these stages have been reviewed re-
cently.1-4 Based on the performance of the coatings in the field and their failure modes
during operation, properties for which there are no laboratory methodologies available
at this time include wrinkling, tenting, slipping, and blistering. This article reports on
the investigation of the variation of field operating conditions on the performance of
coatings and the development or modification of laboratory methodologies to evaluate
the resistance of coatings to wrinkling, tenting, slipping, and blistering.

Studying the Influence of the Variation of Field Operating Conditions on Coating Performance
Cathodic disbondment (CD) experiments were carried out over a 14-month period by
varying temperature (constant and fluctuating), CP potential (-0.78 and -0.93 V), and
holidays (presence and absence). Unless otherwise specified, all potentials presented in
the paper were against saturated calomel electrode (SCE). Details of the equipment, on-
line monitoring techniques, experimental procedures, and post-mortem analyses have
been presented in previous publications.5-7

The salient features of the experiments are below. 
The 13 different coatings, applied to steel panels, were asphalt, coal tar (A), coal tar

(B), polyethylene tape, FBE (A), FBE (B), liquid epoxy brush, liquid epoxy spray, urethane
brush, urethane spray, extruded polyethylene (two-layer), three-layer, and composite.
All coatings were applied at the appropriate coating facilities. Characteristics of these
coatings are presented in Table 1 (next page).
Nine panels per coating, for a total of 117 panels, were exposed to a solution of the

composition presented in Table 2 (p. 42). The composition was developed based on the
compositions of ground water in Canada. Half of the 117 samples were exposed at con-
stant temperature (65 C [149 F]) and the other half were exposed at fluctuating temper-
atures, 5–65 C (41 F–149 F). For the constant temperature chamber, 65 C was chosen
because most test results using standard tests are obtained at 65 C. The temperature
profile for the fluctuating temperature chamber was obtained from the analysis of tem-
perature profiles of Canadian oil and gas transmission pipelines. 
During the first 12 months of the experiment, temperature was varied at a rate of 10

degrees C (18 degrees F) per month, starting at the temperature 5 C (except from 65–45 C
when the temperature was decreased by 20 degrees C in one month). At the end of the
cycle, the temperature was increased to 65 C and held for 1 month (month 13), then
dropped to 5 C (month 14) and held constant for one month. 
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The average temperature of the fluctuating chamber over the fourteen months was
31.5 C (approximately 88 F). At the end of the fourteenth month, the temperature was
again increased to 65 C, and then it was held constant for 2 days before the samples
were removed from the chamber. The procedure above ensured the coatings were all at
the same temperature (65 C) when the experiment was terminated. 

Coating Characteristics 

Asphalt coatings consisted of
primer, enamel, binder aggregate, filler,
and wrappers. The samples used were
prepared from a pipeline that had been
in service for over 25 years. 

Two types of coal tar coatings used.
Coal tar (A) was a hot-applied enamel
coating consisting of liquid coal-tar
primer.  The coal tar (B) was similar to
coal tar (A), except that a liquid epoxy
primer was used in coal tar (B).

Tape was applied at ambient tempera-
ture.  Tape consisted of liquid primers
(adhesives), prefabricated tape consist-
ing of polyolefin backing and laminated
adhesive layers.

Two types of FBE coatings were used.
Both were heat-curable, thermosetting
resin powders that utilized heat to melt
and adhere to the metal substrate. The
FBE (B) coating had a different adhesive
than the FBE (A) coating.

The solvent-containing epoxy resin and
curing agents were mixed before appli-
cation.  The same product was either
brushed or sprayed onto the panels. The
coatings cured at temperatures less than
100 C.

The urethane coatings were fast setting. 
The same product was applied both by
brushing (urethane brush) and by spray-
ing (urethane spray).

The 2-layer coating was Type A2, speci-
fied in CSA Z245.21.A2.

The 3-layer coating was Type B1, speci-
fied in CSA Z245.21.B1.

Composite coating was a mixture of
primer, binder, and polyolefin sheath and
was extruded on the pipe surface
(CSA Z245.21.B2). 

Coating Thickness Holiday Qualification
mm size, mm Standard

Asphalt 8.13-9.00 6.4 Not Known

Coal tar 4.66-5.73 6.4 AWWA
C203

Polyethylene 0.56-0.76 6.4 NACE
tape MR0274

FBE 0.24-0.48 3.2 CSA Z245.20

Epoxy 0.59-0.76 3.2 CSA-Z245.20

Urethane 0.61-0.87 3.2 CSA-Z245.20

2-Layer 1.90-3.23 6.4 CSA-Z245.21

3-Layer 3.59-4.58 6.4 CSA-Z245.21

Composite 0.58-0.75 6.4 CSA-Z245.21

Table 1: Characteristics of Pipeline Coatings
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Eight panels with holidays were studied in duplicate under 4 conditions: -0.78 V con-
stant temperature, -0.93 V constant temperature, -0.78 V fluctuating temperature and
-0.93 V, fluctuating temperature. During the experiments, temperature of the chambers
and CP current demand of each panels were recorded for every 4 hours.
Each cabinet could hold a maximum of 60 panels, so of the 9 sets of coated panels

(117 panels in all), 8 sets of coated panels, with holidays (104 panels), were evenly split
between cabinets, as described above, but the 9th set of 13 coated panels, without hol-
idays, were split between the two cabinets. Therefore, 6 of the holiday-free coated panels
were exposed in the constant temperature cabinet, and the remaining 7 of the holiday-
free coated panels were exposed in the fluctuating temperature cabinet. The distribution
of the ninth set resulted in the constant temperature cabinet holding 58 panels and the
fluctuating temperature cabinet holding 59, nearly the maximum capacity of panels per
cabinet. The results of testing the holiday-free coated panels are described later in this
article in the section, “Effect of Holidays” on p. 43.

Effect of Temperature
The temperatures of the pipelines vary as a function of distance and of time. The sec-
tions of pipelines near compressor stations or heaters are higher than those away from
these facilities. As a result of operation requirements, e.g., to increase the flow of oil,
the operational temperature of pipelines may be increased. Both these temperature vari-
ations may be gradual. But during commissioning of the new pipelines or of abandoned
pipelines, the temperature of pipelines will be ramped quickly from the ambient tem-
perature to the operational temperature. In order to investigate the effect of tempera-
ture variation on the coating performance, two sets of temperature profile were used:
constant temperature (at 65 C) and fluctuating temperature (various levels of fluctuation
with an average temperature of 31.5 C).
Briefly, the results indicated that coatings exposed to constant higher temperature (65

C) had a larger area of CD than those exposed to fluctuating lower (average) tempera-
tures (31.5 C). The same trend was observed irrespective of the CP potential applied, i.e.,
-780 mV or 930 mV. Thermal shock caused by increasing the temperature directly from
5 C to 65 C within a few hours caused more damage—as indicated by an increase in CP
current demand—than a gradual increase at a rate of 10 degrees C per month. A surge
of temperature even for a few hours in the field will have a pronounced effect on the
long-term performance of the coatings compared to the effect of a gradual increase in
temperature on performance. 

Effect of CP Potential and pH
A number of standards describe the application of CP.8-10 The CP criteria used are given
below.
• Negative potential of 850 mV versus saturated copper-copper sulfate (CCS) reference
electrode.
• A minimum of 100 mV of cathodic polarization between the structure and a stable
reference electrode in contact with the electrolyte. 

Table 2: Composition of NS4 Solution
Compound Concentration (g/L)

NaHCO3 0.483

KCl 0.122

CaCl2 0.137

MgSO4•7H2O 0.131



In this study, experiments were conducted in two CP potentials: -0.78 V and -0.93 V
(corresponding to -0.85 and -1.00 V vs. CCS), i.e., CP potential normally applied in the
field and 150 mV more negative than normal CP potential applied, respectively. The cor-
rosion potentials recorded were more positive than -0.78 V, indicating that application
of -0.78 V would make the panels cathodic. 
The effect of variation of CP potential (-0.78 V and -0.93 V) for all types of coating was

not significant and was within the range of accuracy of the method (Fig. 1).
During the experiments, as in the field, white precipitates deposited on the holidays

of some samples. When the precipitates were deposited, the corrosion potentials ex-
hibited some erratic behavior. Because the investigation focused on simulating field op-
erating conditions in the laboratory, no attempt was made to remove the precipitates
during the experiments.
In all samples, the pH was approximately 8 for the entire duration of the experiments.

In experiments conducted at -1.5 V or -3.5 V vs. copper-copper sulfate electrode, pH values
of 13–14 have been reported.10

It appears that higher values of potentials in accelerated standardized CD tests do not
necessarily create environments that are good representations of field conditions.

Effect of Holidays
Even though the coatings are tested for holidays before backfilling, holidays or dis-
bondment develop during operation. Where holidays form, CP should act as backup.
Therefore, monitoring of CP current demand should provide some indication of holiday
formation. To investigate the influence of holidays, experiments were conducted using
panels with and without holidays. 
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Fig. 1: Effect of variation of CP potential on CD area of coatings. Figures 1-11 courtesy of the authors



Of the 9 panels per coating type used, one panel per coating type did not have any hol-
idays. Of the 13 holiday-free panels of the different coatings, 6 panels—two-layer, FBE
(A), coal tar (A), coal tar (B), asphalt, and tape—were exposed in the constant tempera-
ture chamber. The 7 others—FBE (B), three-layer, composite, urethane brush, urethane
spray, epoxy brush, epoxy spray—were exposed in the fluctuating-temperature chamber. 
Of the 6 panels in the constant temperature chamber, the deterioration in the presence

and absence of holidays was the same on 5 of them. In only one instance did a panel with
no holiday deteriorate less than the panels with holidays. Invariably, in all cases, the CP
current in the absence of holidays was low, regardless of coating type (Fig. 2).

New Laboratory Methodologies
Over the past 60 or more years, several polymeric coatings have been used to protect
external pipeline surfaces. However, the procedure to be followed in selecting a protec-
tive pipeline coating has remained essentially the same since the 1940s.11 By 1978, 13
ASTM standard test methods had been produced to determine the properties of non-
metallic coatings applied to steel pipe. Since then, several test methodologies and fur-
ther standard tests have been developed. But there are still a few properties, including
wrinkling, slipping, blistering, and tenting, for which no standard tests are currently
available. New tests to evaluate these properties are discussed in this section.

Wrinkling
Coatings, particularly tapes, wrinkle when exposed to wet clay sands. Wrinkling occurs
when the adhesion of the coating on the surface is not uniformly constant over the en-
tire surface, i.e., attraction at the steel-coating interface is not uniform. If the coating-
soil interface has a hydrophilic tendency, the soil wets and adheres to the coating. Due
to wet-dry cycles, the soil around the pipe will expand and contract. If the soil adheres
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Fig: 2: Cathodic disbondment behavior of coatings with and without holidays



to the coating, the coating will then undergo pull and relaxation at lo-
calized areas. Pull and relaxation result in the formation of wrinkles if
the adhesion at the steel-coating interface is not uniform and is less
than that at the coating-soil interface.
The tendency of a coating to wrinkle can be determined in the labo-

ratory in a simple experimental setup (Fig. 3).
To calculate the mass on an underground pipeline in a clay soil in the

laboratory the following relationship may be used: 
m = πr2 • h • r (Eqn. 1)

where m is the mass, πr2 is the area of the base of the piston, r is the ra-
dius of the piston, h is the height of the soil, and r is the density of clay
(2.02 g/cm3). To prepare the panels, clay is added to fill half of the con-
tainer. The clay is wetted with water. The clay-water ratio is chosen so
that the pressure of the piston will not cause the clay to overflow the
container. Using a piston arrangement (Fig. 4), the moist soil is tightly

held on the coating for a fixed duration (e.g., 24 h). The piston is removed, without dis-
turbing the soil, and the soil is allowed to dry for certain period (e.g., 24 h). The soil is
removed to inspect the status of the coating. The cycle is repeated and the coating is ex-
amined after each cycle.
In the field, wrinkles appear, in general, after about 10 years of operation. Therefore,

it is necessary that the cycle be repeated for several times (e.g., up to 50 cycles). If no
wrinkle is found after a fixed number of cycles, it can be concluded that the polyethylene
tape has anti-wrinkling properties. Each cycle simulates one year of field conditions—
as a first approximation.

Tenting
Failure by tenting occurs on tapes that are spirally wrapped around the pipe with an
overlap. These coatings are prone to disbondment because of tenting that occurs be-
tween the pipe surface and the tape along the ridge created by the longitudinal weld. A
second area of potential tenting is found where the tape is overlapped to achieve a bond
between successive wraps of tape. When polyethylene tapes disbond, they allow mois-
ture to penetrate under the coating. Because of the high electrical insulating properties
of the polyethylene tape and the long path under the disbonded tape, the cathodic cur-
rent being applied through the soil cannot reach the pipe surface to prevent corrosion.
A five-step sample surface to evaluate the tenting in the laboratory is presented in

Figs. 5 and 6.
After the application of a primer, the PE tape is tightly wrapped on the steel surface.

A good primer-coating combination will flow between the steps, filling the gap. As a
consequence, the coating adheres tightly to steps. The coated sample is then immersed
in a solution and left undisturbed for fixed duration (e.g., seven days at 50 C [122 F]).
At the end of the period (as determined by trial and error method during preliminary ex-
periments), the sample is removed, and, with a sharp object (e.g., cutter), the tape is cut
at each step. The tenting tendency is ranked between 1 (good) to 5 (poor), where “good”
refers to the sample that could not be cut at any of the five steps and “poor” refers to
the sample that could be cut in all five steps. Three samples ranked 3, 4, and 5 are pre-
sented in Fig. 7 (next page).

Slipping
Slipping may occur in coatings of two and three layers if the cohesive strength between
layers is not sufficiently high. The moisture that penetrates through the outer coating
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Fig. 3: Schematic diagram of an apparatus to simulate
wrinkling

Fig. 4: Piston arrangement to simulate
soil stress

Fig. 5: Step sizes of tenting

Fig. 6: Steel specimen for evaluating
tenting
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may accelerate the loss of cohesive strength, as may damage to
the outer coating that exposes the adhesive layer. Even though the
peel and adhesion strength tests measure this property, the peel
and adhesion measurements are carried out under dry conditions.
A laboratory methodology to evaluate slipping tendency under
wet conditions will be more appropriate to simulate the field op-
erating conditions.
An experimental setup to simulate the slipping process in the

laboratory is presented in Fig. 8.
To apply the load, an uncoated steel panel (top panel) is ma-

chined to create a hole within which the cylindrical container will
be placed (Fig. 9). The uncoated panel is secured on top of a
coated test panel.
The container is attached to the coating using an adhesive with

higher bond strength than the coating on the panel; otherwise, the
experiment will be prematurely terminated due to the slippage of
the container rather than the coating. The container is filled with
the NS4 solution or wet soil. The assembly is tightened, and a con-
stant load is applied to pull the top panel attached to the coating
(Fig. 10).
The slippage of the coating is noted at regular intervals (e.g.,

every day) for up to a fixed duration (e.g., 30 days) or until com-
plete failure. The slippage rate is calculated using the following
formula:

Slippage rate = d x w (Eqn. 2)
t

Where d is the distance slipped in mm, w is the load in kg, and t is the time in days.
Some typical results are presented in Fig. 11 (next page).
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Fig. 7c: After experiment. 
Sample ranked #4

Fig. 7d: After experiment. 
Sample ranked #5

Fig. 7a-d (below) Samples from tenting experiment

Fig. 7a: Before experiment

Fig. 7b: After experiment. Sample ranked #3

Fig. 8: Experimental setup for evaluating slipping (top steel pulling panel not shown above)

DIRECTION OF
APPLIED LOAD

DIRECTION OF
APPLIED LOAD

CLAMP
CLAMP

HOLIDAY

CONTAINER

NS4 SOLUTION

Fig. 9 (right): Slipping experiment (pulling panel
is the bare steel panel attached to the coating)

Fig. 10 (far right): Application of load in 
the slipping apparatus



Blistering
Blistering of epoxy coatings in the field is common. Most laboratory investigations have
found that the pH under the blistered coating is about 13–14, indicating passage of CP.
The same observations have been found in the field. Currently, the hot sock test is used
to determine the blister-forming tendency of the coating. Current measurement in CD
experiments exhibits characteristic current spikes during the formation of blisters.
Therefore, current spike during the CD experiment can be used as a quantitative meas-
ure of blister formation.5

Most of the standard CD and hot sock tests are carried out only up to 28 days. A min-
imum of 100 days in the lab is required before any indications of blistered formation can
be observed. During the period 1964 through 1977, nearly 200 existing tests for non-
metallic materials were reviewed for their potential value in the evaluation of pipeline
coatings. Throughout this search, test methods were rejected if they could not be
adapted for coated pipe as test specimens. Other test methods were not considered be-
cause they produced data of marginal value to the corrosion engineer. Test methods re-
tained for critical evaluation were those that would begin to yield definitive performance
data within the first 90 days of testing and did not require more than 18 months to com-
plete. Over the years, the duration was reduced to a maximum of 28 days.12–17 It looks
reasonable to conduct laboratory experiments, at least while selecting the coatings, for
a minimum of 100 days.

Summary
A modified CD test was used to investigate the influence of the variation of field oper-
ating conditions, including operating temperature, cathodic protection potential, and
holidays, on the performance of coatings.
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Fig. 11: Typical slippage data

Slippage after 7 days with 5 kg (11 lb) load

Plot of slippage distance vs. time

Slippage after 3 days with 10 kg (22 lb) load



• A sudden increase in temperature, which normally occurs during the commissioning
of pipelines, has a more pronounced effect on the performance of coatings than the
same increase of temperature over a longer duration.
• The rate of cathodic disbondment has been found to be higher at a constant elevated
temperature than at lower fluctuating temperatures.
• Application of additional negative potential of 150 mV, rather than the traditional -780
mV (or -850 mV CCS), has a minimal effect on the cathodic disbondment rate.
• Cathodic current demand has been found to be higher for coatings with holidays than
without holidays. However, the influence of holidays has been found to be minimal on
the cathodic disbondment area.
New laboratory methodologies have been developed to evaluate the resistance of coat-

ings to wrinkling, tenting, slipping, and blistering.
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In-Service Pipeline Rehabilitation

Editor’s note: This article appeared in
JPCL in February 2007. 

rgentina has a large, high-pressure pipeline system that transports natural gas
from production wells to its main cities. The primary trunk pipelines of this
system are mainly 24 in., 30 in., and 36 in. in diameter; more than 30 years old,

and coated with asphalt materials that have severely degraded over time. Importantly,
there are no alternative lines to transport the gas, so these old pipelines cannot be taken
out of service during rehabilitation.
To minimize the impact of possible leaks and blowouts that would lead to supply

interruptions, an aggressive rehabilitation plan using various techniques was developed.
Different methods were used to identify the areas to be repaired—in-line inspections

using smart pigs (ILI), external and internal corrosion defects direct assessments (ECDA,
ICDA), bell hole inspections, and hydraulic tests, among others. Once the defects have
been detected and repairs have been completed, it is necessary to develop a step-by-step
rehabilitation plan to prevent the generation of new corrosion defects and to
improve the installed cathodic protection current distribution.
This article describes the experience gathered between 1996 and 2003 by TGS (Trans-

portadora de Gas del Sur S.A.) from the rehabilitation of the Argentinean transportation
pipelines using cold-applied polyethylene tapes for recoating. The different elements
used in this analysis are described, including determination of the areas to be repaired,
type of materials to be used, application performance, operating conditions, excavation
size, and practical test methods.

Background on Rehabilitation Programs
1992, when Argentina’s natural gas transportation and distribution networks were
privatized, it became necessary to develop an effective program to evaluate systems

and techniques for upgrading each
network. TGS used high-resolution
intelligent pigs to inspect over
6,000 km of its primary trunk trans-
portation network (lines with diam-
eters of 24 in., 30 in. and 36 in.).
Simultaneously, an aggressive reha-
bilitation plan was implemented to
minimize the possibility of cata-
strophic failures in the primary gas
transportation pipelines. This plan
consisted of replacing 356 km of
pipelines, installing 935 pipe rein-
forcements, recoating 300 km of
pipelines, and upgrading cathodic
protection systems by installing
135 new rectifiers.

A

Sergio Rio, 
Transportadora de Gas del Sur S.A.
Argentina; and

Osvaldo D’Albuquerque,
Covalence Corrosion Protection
Group, Argentina

Fig. 1: 
Liquid epoxies are applied with
airless systems to a final nominal
product thickness requirement of
500 microns. 
Photos courtesy of the authors
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The stages of defining the optimum coating scheme for the pipeline rehabilitation and
the operational and safety restrictions for excavation of the lines included the follow-
ing.
• Determining the areas to be recoated
• Determining the safe rehabilitation operating pressure
• Analyzing the operating conditions of the areas to be repaired
• Determining the coating type to be used
• Evaluating the application costs
• Conducting final tests

Developing the Rehabilitation Plan
Determining the Areas To Be Recoated
The first issue a gas pipeline operator must address when rehabilitating a pipeline is
whether to recoat or replace pipe. TGS used the following factors to make this determi-
nation. 
• Remaining expected lifetime of the pipeline
• Performance of the cathodic protection system
• New construction and recoating costs
• Operational costs related to replacement vs. recoating/repair
• Climate conditions and restrictions associated with each task

Remaining Lifetime of the Pipeline: When a rehabilitation project is evaluated, the over-
all integrity of the pipeline has to be analyzed to verify if, at the actual corrosion levels
of the pipes, an effective repair method can be used. At least two situations can be
found. In the first, the rehabilitation process requires replacement of short sections of
the pipeline. In the second situation, rather than replacing a large number of short sec-
tions, whole sections are replaced to limit overall shutdown costs. Therefore, within the
rehabilitation tasks, pipeline replacement must be considered before analyzing any re-
coating operation. Although there are basic costs structures associated with new
pipeline construction, installation costs are generally increased up to 100% by replacing
short sections (1,000 to 2,000 m). Therefore, the location of the short sections and the
corresponding tie-ins must be analyzed thoroughly to minimize the associated costs,

even if the decision of replacing an undamaged
pipe section has yet to be made.

Performance of the Cathodic Protection System:
Once the pipe sections have been replaced, the
distribution of the cathodic protection currents
must be analyzed to avoid over protecting the
new coating. The current may need to be re-
duced in new sections but increased in the old
sections. This situation leads to a separate, de-
tailed evaluation of the damaged pipe sections
located between two new sections. To properly
rehabilitate them, it is necessary to install insu-
lating joints and to balance the cathodic protec-
tion current input accordingly.

New Construction and Recoating Costs: Once the
initial evaluation has been done, a technical and

Fig. 2: Operational Cost vs Coating Type Pressure Reduction 5%



economic evaluation of the alternatives—recoating vs. pipe replacement—must be car-
ried out. 
To define the costs related to the pipe replacement, the following topics should be

considered.
• Cost of the new pipe
• Cost of laying the new pipeline
• Operational costs related to the gas transportation shutdown during the tie-in operations
• Environmental impact, caused by the natural gas venting process, on the nearby pop-
ulation, vegetation, and wildlife
• Customer impact
In our case, the evaluation of the cost of materials and labor had already defined the

convenience of performing the rehabilitation process because the costs of purchasing
and laying a new pipeline are three times higher than such rehabilitation.

Operational Costs Related to Replacement vs.Recoating/Repair: From the point of view of
the operation of the gas transportation system, the analysis is much more complex be-
cause the operational costs increase both as a function of the pressure reduction rate
and the number of days involved in completing the different tasks. There is a limit at
which it becomes more convenient to replace the pipeline rather than recoat it.
As will be shown later in this article, when considering cases like the natural gas trans-

portation network in Argentina, it is very important to keep the flow reduction to the
minimum and to achieve the shortest possible rehabilitation times.
One of the challenges to consider during the design stage of a rehabilitation plan is

to clearly identify the priority areas to be recoated while taking into account company
assets preservation, worker safety, and environmental care.
Presently, many important methods to support the decision making process are avail-

able, including the following.
• In-line inspection with smart pigs (ILI)
• Cathodic Protection Data Manager (CPDM)
• Corrosion rates analysis 
• Risk analysis 
It is necessary to combine the results of several of these methods to optimize the ef-

fectiveness of the assessment. This task is done by using a common database that runs
under a GIS platform.
With the support of this analysis, it is possible to identify the

critical areas that have a high concentration of external corrosion
defects (the main reason for pipeline failures in Argentina). It is
also possible to identify areas for high demand of cathodic pro-
tection current (linked to low quality and severely damaged coat-
ings) and also to consider highly populated areas and areas with
a high environmental impact and sensitivity.

Determining the Secure Rehabilitation Operating Pressure
Because the operating restrictions do not allow the lines to be
taken out of service, determining the secure operating pressure
values becomes necessary to perform rehabilitation. To reach such
an objective, a remaining defects analysis is done on the pipeline
to determine the failure pressure. Generally, these defects have
failure pressures over the maximum operating pressures (MAOP)
because the limiting factors on the operating pressure are repaired
immediately.
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Fig. 3: The quality of the pipeline coating is visually verified.



Nevertheless, it may be necessary to reduce the pressure in accordance with the
associated risks for this type of task. Consequently, many different internal procedures
have been established in different companies to set different reduced values for the
rehabilitation operating pressures, according to International Standards. 

Analyzing the Operating Conditions of the Areas To Be Repaired
Given the pipeline operational limitations discussed above, once the area to be rehabil-
itated is determined, the operational possibilities for the programmed tasks must be
analyzed. For such analysis, the following factors must be considered.
• Proximity to the compression stations
• Existence of parallel sections (pipeline loops)
• Proximity of customers’ lines
• Proximity of producers’ lines
Generally, the areas to be repaired are associated with the discharge side of the com-

pressing stations because the higher operating temperatures increase the degradation
process of the asphalt coatings. In some cases, it is necessary to take the compression
station itself out of service to reduce the pressure, which has a very negative impact in
the transportation flow. It is possible to minimize this impact if pipeline loops are avail-
able at the compression station discharge.
To minimize these situations, certain periods of the year, known in the industry as

“operating windows,” are selected. In these periods, the demand goes down for climatic
reasons or because big consumers, such as thermo electrical plants, are temporarily out
of service.
Because of the important growth in natural gas demand in Argentina in recent years,

it has become more difficult to find these kind of “windows,” making it even more
critical to reduce the duration of the rehabilitation time.
The complex situation described above is exacerbated by the way the rehabilitation

tasks have to be performed. Because the line is working under a reduced pressure (gen-
erally 5% of the operating value), the size of the excavation trenches must be reduced
accordingly to preserve the pipeline from additional stress. The working methodology

that has been analyzed and implemented is based on the execution
of 25-meter-long trenches, leaving 20 meters of the terrain without
execution in the between. This methodology requires moving the
equipment in two directions: the first stage in the direction of flow,
and afterwards, when the job is completed, in the opposite direction,
digging the areas that had been used as the pipeline’s support in the
first stage.
Given this problematic working system, it is essential to minimize

the execution time and to select a coating system that optimizes the
application time.

Determining the Coating Type To Be Used
A wide range of coating materials is available on the market, but only
a few of these have the characteristics necessary to achieve the
desired application speed and the required quality level.
The weather must be factored into the working conditions.

In Argentina, all kinds of soils and weather conditions can be found,
from semi-desert conditions with strong winds in Patagonia (south-
ern region), to high humidity and low depth phreatic layers in the
Pampas (central region). A short list of possible coatings that meet
the overall requirements included the following types.
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Fig. 4: The thickness, adhesion, and electrical continuity of the
coating is electrically verified.



• Liquid epoxies
• Liquid polyurethanes
• Cold-applied plastic laminated tapes

Liquid Epoxies and Polyurethanes Coatings: Liquid epoxies (Fig. 1) and polyurethanes are
applied with airless systems to a final nominal product thickness requirement of 500
microns.
For our particular rehabilitation tasks, the following series of restrictions were ana-

lyzed for the application process.
•  Average relative ambient humidity (RH) over 85% 
•  Average ambient temperature of 10 C, or below
•  Pipeline temperature of 3 degrees C over dew point
•  Pipeline temperature above 10 C
If there are interruptions to the recoating process, the sand- or grit-blasted pipes could

be coated following the guidelines below.
•  If RH is over 80%, within 2 hours
•  If RH is between 70 and 80%, within 3 hours
•  If RH is equal or below 70%, within 4 hours
If, after blast cleaning, the pipe has not been recoated within these periods, then it

must be re-blasted to meet surface preparation standards.
Other restrictions, like contamination from dust and insects, should be added to this

list. 
It must also be kept in mind that in the Patagonia Region, winds of about 100 km/h

are very common, making it very difficult to achieve a quality recoating standard, even
when wind-breaks are used.
Under optimal ambient conditions on 30 in.-diameter pipe, production speeds of

about 200 linear meters per day can be achieved, with an average production rate of
about 150 meters per day. 
During application, other problems may appear from time to time, such as obstruction

of the spray gun tips, which lead to additional delays in the job’s completion.

Cold-Applied Plastic Laminated Tapes: The coating scheme consists of
an inner corrosion protection tape (6 in.- to 9 in.-wide rolls, 0.63 mm
in thickness), spiral wrap applied with enough tension, and a mini-
mum 1 in. overlap over its corresponding primer.
Over the inner tape, an external mechanical protection tape (6 in.-

to 9 in.-wide rolls, 0.63 mm in thickness) is also spiral wrap applied
with enough tension, again with a minimum 1 in. overlap. The be-
ginning wrap of this mechanical tape should start with its mid-width
placed over the corrosion protection tape overlap. To achieve a
thicker outer wrap for rocky back fill areas, the overlap can be
increased to 50%.
When temperatures are low, the tape rolls may need to be warmed

to improve application and to increase the process speed.
Before applying the tapes, the weld beads are protected with a dif-

ferent manually applied tape (4 in. wide x 25 m long x 0.75 mm thick).
In those areas presenting generalized corrosion or deep pitting, a
mastic adhesive is also applied to regularize the steel surface.

Patching and repairs can also be done using a manually applied
tape (rolls 9 in. wide x 25 m long x 0.75 mm thick).

54

Fig. 5: Use of the DCVG test, which accurately determines 
the position and dimension of a coating failure.



Evaluation of the Application Costs
Currently, the advantages or disadvantages of using cold-applied tapes for recoating
operations are under discussion. This discussion is based mainly on previous experi-
ences with old pipelines coated with this type of material, where several cracks were
caused by stress corrosion (SCC). In Argentina, it was found that the detected SCC phe-
nomenon is not linked to cold-applied tapes coated pipelines but rather to asphalt coat-
ings. 
In general, this phenomenon is linked to the overlap area. Below, we have detailed the

tests performed to the applied system to verify the quality of the final coating.
Using tape coating, it is possible to execute a daily average of about 300 meters per

day on a 30 in.-diameter pipeline, which leads to very important improvements from an
operational point of view. 
Considering a pressure reduction of 5% of the operation pressure and a daily average

of 150 meters per day for liquid coatings, Fig. 2 shows the costs of the transportation
flow reductions, for each type of recoating material. 
As an alternative solution, resources could be doubled to reduce the duration of the

rehabilitation task. 
In the case of rehabilitating a 30-inch-diameter, 30-kilometer-long pipeline using a liq-

uid epoxy coating that requires a pressure reduction of 20% due to the concentration of
failures, the cost to achieve the same economical performance as the tape coating would
be USD 16.02 per inch x linear meter, which is higher than a new pipeline cost of USD
14.00 per inch x linear meter.
Comparing both graphs, we can deduce that the additional cost to achieve the same

duration of the job practically duplicates the value of the rehabilitation operation.

Final Tests/Verification of the Applied Coating
The quality of the coating is visually (Fig. 3) and electrically verified (Fig. 4). The thick-
ness, adhesion, and dielectrical continuity (holiday detection) are checked, together with
all the necessary tests, to confirm that the coating has been effectively applied and has
optimum quality.
If an electric isolation test is required, it will have to fulfill the corresponding TGS

technical specification for each span or section of the isolated pipeline so that it con-
forms to the rehabilitation inspection plan.
In the following chart, we define the voltage values used for the holiday detection

tests performed on the different applied coatings.
Once a selection has been rehabilitated, the quality of the coating application is veri-

fied using a DCVG (direct current voltage gradient). Using this method, it is possible to
determine if any coating coverage failures or other hidden defects affecting the integrity
of the applied coating are verified. These coating coverage problems include too little
overlap when applying the tape; metal/steel parts exposed to the soil; and coating break-
down during the back filling operations due to stones, tree branches, or any other sim-
ilar penetrating elements).
The DCVG test (Fig. 5) enables us to accurately determine the position and dimension

of any coating failure, thus allowing immediate patching or repair of the damaged areas.

Conclusions
• In cases where both application rates of at least 200 meters per day and operation
pressure reductions under 15% are possible, in-service pipeline rehabilitation is more
cost effective than pipe replacement.
• For single-line natural gas transportation systems, the operational costs related to
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pressure reductions play the most significant role when the rehabilitation tasks are
planned.
• The productivity of the coating application plays a critical role in selecting the most
effective type of coating; otherwise, recoating costs could compare negatively to pipe
replacement costs.
• The ambient conditions in the rehabilitation areas are critical parameters to be con-
sidered in the coating selection process.
• Long-term rehabilitation plans that prove to be more cost effective than pipe re-
placement should be continuously generated to maximize the product flow and main-
tain maximum operating pressure of the transportation system at all times.

Editor’s Note :  This article is based on a presentation given at the 16th Pipeline Protection
Conference, Cyprus 2005, and is published in the proceedings. It is re-published here with
permission of the organizers, the BHR Group.
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otal has a wide experience with the various families of plant-applied and field
joint coatings used for onshore and offshore pipelines. Although overall per-
formance of pipeline coatings has been good, failures have occurred with on-

shore applications, sometimes leading to external corrosion.
This article focuses on recent failures with currently used coatings such as fusion-

bonded epoxy (FBE), three-layer polyethylene, and heat-shrinkable materials applied
over liquid epoxy primers. The article proposes an analysis of parameters to explain
these failures, and it evaluates the influence of parameters related to operating condi-
tions (temperature), coating materials (epoxy powder and polyethylene), and applica-
tion specifications (surface preparation). The article concludes with a call for sharing
more feedback about pipeline corrosion and for increased research and development.
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Coating Failures
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Clockwise from top left—Disbonding of three-layer polyethylene (3LPE); corrosion underneath disbonding
of heat-shrinkable sleeves (HSS); disbonding of HSS; cracking of disbonded 3LPE. 
Photos courtesy of the authors



The Problem of External Corrosion of Buried or Immersed Pipelines
Contact of steel pipeline with a continuous electrolyte makes possible the application
of what is, in theory, the most reliable corrosion prevention method: cathodic protec-
tion. As long as coatings remain bonded to steel, and cathodic protection is correctly ap-
plied, monitored, and maintained, no corrosion risk exists. The few corrosion cases
known by the authors have been the consequence of coatings disbonding on buried on-
shore pipelines. Disbonding may prevent access of cathodic protection current to steel
exposed to a corrosive electrolyte (renewal through the “pumping effect”). Disbonding
may also occur when rocks or stones constitute a barrier to the cathodic protection cur-
rent. This “CP current shielding effect” seems to be limited to onshore buried pipelines.
No case of external corrosion of pipelines immersed in seawater has been detected so
far using in-line inspection, in spite of some coating disbondment. The absence of the
shielding effect is probably due to the high conductivity and homogeneity of the elec-
trolyte filling the gap between the steel and the coating, which improves access of CP
current underneath electrical shields.
In addition to metal loss from corrosion, disbonded coatings may lead to various

forms of environmentally induced cracking (EIC) in carbon steel when detrimental me-
chanical and physico-chemical parameters occur simultaneously:
• high pH stress corrosion cracking (SCC) at high temperature (local potential interme-
diate between the protection potential and the corrosion potential due to partial polar-
ization caused by the shielding effect) and
• near neutral pH SCC at ambient temperature (generally explained by a lack of protec-
tion caused by the shielding effect).
Risks of corrosion or EIC due to the CP current shielding effect are pernicious because

they are not fully detectable using the best methods of cathodic protection inspection;
the safest way of detection for the remaining inline inspection (ILI) is the use of intelli-
gent pigs.
Pipelines are most often made of carbon steels. However, some of them are made of

stainless steel when prevention of internal corrosion of carbon steel through chemicals
is not effective or reliable enough. For the external side, corrosion risks of stainless
steels by soils or waters due to localized corrosion forms induced by chlorides (pitting,
crevice corrosion, SCC) are significant. Consequently, stainless steels have to be pro-
tected in the same way as carbon steels, by coatings and cathodic protection. 

General Experience with Coatings
The experience of Total with pipeline coatings has been previously presented all along
these last 20 years.1–8 A short summary follows.

Asphalt and Coal Tar Enamels
Corrosion under disbonded bituminous enamel coatings was found in various instances,
mainly in the case of over-the-ditch applications. High-temperature resistance of asphalt
and coal tar enamels is highly controversial. Corrosion was severe on a hot gas pipeline
coated with a special asphalt enamel designed for 100 C (212 F) resistance. The coating
was bleeding, and it disbonded from the steel after a few years of operation at temper-
atures as low as 60 to 70 C (140–158 F). Our company no longer specifies such coatings
for new pipelines. In some cases (local coating plant capacities), asphalt enamel may be
accepted only for offshore, concrete-weight coated pipelines, but coal tar is avoided for
health considerations.
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Cold-Applied Tapes
When applied over the ditch, cold-applied tapes are subject to the same problems as
those occurring in bituminous enamels because of poor application. Severe corrosion be-
neath disbonded tapes was found. For offshore applications, tapes have been the tradi-
tional choice for field joint coating of pipes coated with asphalt or coal tar enamels and
concrete-weight coating, together with a marine mastic joint infill.

Polyethylene (PE)
The authors’ company first used PE in 1968, offshore of Italy in the Adriatic Sea, applied
by fusion of powder (monolayer): Massive disbonding appeared after damage from
trawlers. Potential measurements carried out using a thread-like Ag-AgCl reference elec-
trode demonstrated that protection was fully achieved underneath the disbonded coat-
ing. The first use of two-layer extruded PE was in 1975 onshore in Gabon: Adherence
problems occurred during laying due to application conditions that were not optimal at
the time but have since been corrected.

Fusion-Bonded Epoxy (FBE)
FBE coatings manufactured from powders selected by lab tests generally performed well,
but some problems appeared above 90 C (194 F): local blisters on an onshore line oper-
ating at 95 C (203 F) in France and massive blistering on the hottest side (100–110 C
[212–230 F]) of an offshore line in Angola. Recent failures have been detected and in-
vestigated on a FBE-coated pipeline in France; this case study is detailed below in the
section, “A Recent Case of Failure with FBE Coating.”

Three-Layer Polyethylene (3LPE)
This coating became the standard choice of the authors’ company for PE coatings from
the late 80s, using epoxy powder and LDPE (low density, branched structure). PEMD or
PEHD (medium or high density, linear structure) together with grafted adhesive is now
mandatory because of the higher mechanical and thermal resistances.
Generally good performance has been obtained, but instances of massive loss of ad-

hesion between the epoxy and the steel have been reported in various countries such as
India,9 South America,10 Pakistan, and Iran. In 2003, Total undertook a survey in its op-
erating subsidiaries in order to identify and explain such potential problems. A case has
been found in Syria: local disbonding between the epoxy and the steel surface, without
corrosion. More recently, important failures have been detected and investigated on the
Rabi-Cap Lopez 18-inch (46-inch centimeter) pipeline system in Gabon. This case is de-
tailed later in this article (“A Recent Case of Failures with 3LPE and HSS Coatings”). No
case of disbonding has been identified on offshore pipelines.

Three-Layer Polypropylene (3LPP)
This coating was introduced for high-temperature resistance due to failures with FBE
above 90 C (194 F) and demand for higher operating temperatures. It is also interesting
for higher mechanical resistance than 3LPE (selection for rough transportation condi-
tions or rocky soils). Adherence is higher than 3LPE and  maintained at high temperature
(>250N/50mm at 100 C [212 F]). The first use by the authors’ company was in 1990, off-
shore of Angola, for a temperature of about 110 C (230 F). No failure has been reported
up to now, onshore or offshore.
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Heat-Shrinkable Sleeves (HSS)
PE-based heat-shrinkable sleeves constitute the classic solution used by the authors’
company, especially for PE-coated pipelines, onshore and offshore, with or without con-
crete-weight coating and eventual joint infill. Fast-curing liquid epoxy primer is sys-
tematically used to improve adherence for onshore applications for two reasons: The
time necessary for this operation does not cause any problem, and there is an important
risk related to corrosion under disbondments. Recently, important failures have been de-
tected and investigated on the Rabi-Cap Lopez 18-inch pipeline system in Gabon, de-
tailed later in this article.
Fast-curing liquid epoxy primers are not generally used on traditional lay barges. Some

specific, PE-based, heat-shrinkable sleeves are used with 3LPP pipe coatings, but the
upper limit of the temperature has not yet been fully established.
PP-based, heat-shrinkable sleeves have been qualified to be used with 3LPP coatings

up to an operating temperature of 110 C (230 F).
When fully qualified, heat-shrinkable sleeves constitute the simplest method for field

joint coating on conventional lay barges. At high temperatures, it is, however, neces-
sary to perform the same first steps of operations as with “reconstituted coatings,” i.e.,
abrasive blast cleaning, heating up to 200 C (392 F), and application of an epoxy primer.

Reconstitution of Epoxy-Polyolefin Coatings
Various solutions exist for reconstituting a complex coating at field joints, which is more
or less similar to the three-layer polyolefin plant coating.
• Coatings from flame spray polypropylene: application of an epoxy resin primer coat,
in powder form by dusting or electrostatic spraying, or in liquid form by spraying, cov-
ered with a coat of chemically modified polypropylene powder applied by spraying, and
application of polypropylene powder by flame spraying.
• Coatings from hot-applied, chemically modified polypropylene tapes: application of
an epoxy resin primer coat, in powder form by dusting or electrostatic spraying, or in
liquid form by spraying, covered with a coat of chemically modified polypropylene pow-
der applied by spraying, and application of hot polypropylene tape by wrapping either
in a spiral way or in a cigarette way.
• Coatings from injected polypropylene: application of an epoxy resin primer coat, in
powder form by dusting or electrostatic spraying, or in liquid form by spraying, covered
with a coat of chemically modified polypropylene powder applied by spraying, and ap-
plication of molten polypropylene by injection in a mould.
The authors’ company has direct experience with the first two processes; success de-

pends on strictly qualifying the applicator in the precise conditions of the project. Oxy-
gen induction time (OIT) is a critical parameter to be checked for ensuring acceptable
oxidation levels for flame-spray applications.

A Recent Case of Failure with FBE Coating
The Failure
Corrosion under blistered FBE occurred on an 18-inch, 7.9 mm thick, 8.9 km long on-
shore buried pipeline transporting alternatively hot (80 C [176 F]) heavy fuels from a re-
finery to storage facilities and crude oil (40 C [104 F]) in the other direction. Corrosion
was detected in 1998 through intelligent pigging and direct current voltage gradient
(DCVG) aboveground inspection after 10 years of operation. Blistering of the FBE coat-
ing (0.42 mm thick, Tg=100 C [212 F]) at a temperature not exceeding 80 C is not un-
usual, but it is much more difficult to understand why corrosion occurred in spite of a
good efficiency of impressed current cathodic protection. A supposed advantage of FBE
is that it does not present the risk of the cathodic protection shielding effect.
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(a) DSC runs with
conventional
conditions:
Dry Tg

(b) DSC runs with
closed cells in
presence of water:
Wet Tg

Fig. 2: EIS on a failed FBE coating

Fig. 1 (a & b): Evidence of a “Wet Tg” on a failed FBE coating
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The Expertise
A study was carried out by IFP (Institut Français du Pétrole) showing that blistering may
be explained by a decrease in mechanical characteristics and an increase in ionic mo-
bility around 80 C (176 F). A wet Tg or plasticized Tg of 83 C (182 F), with the inflexion
point on the DSC curve at 10 degrees C/min (14 degrees F/min), has been measured
using a coating sample in the presence of water in a closed cell, to be compared with the
conventionally measured dry Tg value of 96 C (205 F) for this coating (Figs.1a and b).
This new approach to studying the mechanical and electrical properties of epoxy is
promising.11 Electrochemical impedance spectroscopy (EIS) confirmed a break in the im-
pedance curve at 80 C (176 F), where barrier properties of the coating decrease significantly
(Fig. 2). A better comparison exists when the onset value is taken for Tg: 82 C (180 F).
On the other hand, corrosion under blisters may be due to a lack of permeability to CP
current when the pipeline operates at lower temperatures.

A Recent Case of Failures with 3LPE and HSS Coatings
The Pipeline System
A case of severe corrosion associated with disbonding of coatings has been discovered
recently on a 234-kilometer (145-mile) long, 18-inch (46-centimeter) X60 pipeline system
transporting oil between Rabi field and Cap Lopez terminal in Gabon. This pipeline is
composed of three sections electrically disconnected at pig traps:
• Section 1: Rabi—Batanga, 105 km (65 miles), laid in 1988/89
• Section 2: Batanga—Tchengue, 100 km (62 miles), laid in 1988/89
• Section 3: Tchengue—Cap Lopez, 29 km (18 miles), laid in 1993/94
The minimum pipe inlet temperature is 60 C (140 F), consecutive to heating above the

inversion point for prevention of wax deposition. The soil is wet compacted sand (pH
of sample 5.4). 3LPE coatings using low density PE (nominal maximum operating tem-
perature of 70 C [158 F]) were applied on line pipes in France and Germany in compli-
ance with the company specification. The company specified a minimum of 70
micrometers (2.8 mils) FBE and follow-up by company inspectors. Field joint coating
used heat-shrinkable sleeves with hot-melt adhesive applied on fast-curing liquid epoxy
(nominal maximum operating temperature of 80 C [176 F]). Brush-cleaning was used for
surface preparation; abrasive blast cleaning was only recommended by the supplier and
was not mandatory. The application was fully surveyed by a company inspector.

The Failures
The entire pipeline system was inspected using an MFL intelligent pig in January 2004.
A total number of 13,600 features were reported, the majority in the first 15 km (the
hottest side). All the signals were due to external corrosion, the majority (12,494) at less
than 20% wall thickness, 1168 between 20 and 40%, 11 greater than 40% wall thickness,
and the maximum of 57%, close to section 1 pipe inlet. Excavations in this area con-
firmed the information of the intelligent pig survey.
The major part of corrosion is located under field joint coatings at girth welds, with

massive disbonding of HSS leading to corrosion caused by the cathodic protection
shielding effect (Figs. 3 and 4). Excavations revealed that adhesive was molten on the
whole surface, but the bonding on plant-applied PE coating failed due to brush abrasion
limited to the beveled part of the plant-applied coating.
The plant-applied 3LPE coating generally appeared correct externally, but it was found

to be fully disbonded (when cut with a tool) between the FBE and the steel at the exca-
vation locations near the section 1 inlet. Except for the presence of an important layer
of magnetite on the steel surface, no significant corrosion of the steel was noticed (Fig. 5).

62

Fig. 6: Cracking of disbonded 3LPE

Fig. 5: Disbonding of 3LPE

Fig. 4: Corrosion underneath disbonding
of HSS

Fig. 3: Disbonding of HSS



However, the analysis of inspection pig data showed that some corrosion was found
under the plant-applied PE coating on some pipe lengths (46 tubes, all except one in the
first 15 km [9 miles]). Excavations showed that in this case, the PE coating was longitu-
dinally cracked and opened at 3 and 9 o’clock (Fig. 6). No correlation between crack-
ing/opening and bending during laying was found (4 pipes bent over 46). Measurements
on samples taken from disbonded coatings revealed an important thermal aging of PE
(loss of elongation at break, increase of melt index and Shore D hardness, and typical
peaks of aged PE on surface IR spectrum).
Further excavations carried out at all the other inlets and outlets of the three pipeline

sections and on spare pipes did not reveal disbonding of coatings or aging of PE; it can
be concluded, therefore, that the major parameter for disbonding and corrosion is tem-
perature. No significant influence of cathodic overprotection alone has been noticed:
Section 1 was highly overprotected (-6.4 V/sat.Cu-CuSO4 in ON condition) during 2
months in 1991 due to dysfunctioning of an automatic solar cell-powered CP station
(damaged by lightning).

Analysis of the Problem
The following are possible explanations for disbonding of 3LPE.
• Water and oxygen diffusion through PE (accelerated by thermal aging and tempera-
ture)
• Water saturation of FBE layer
• Superficial corrosion of steel surface, forming magnetite
• All steps being accelerated by temperature
Corrosion under disbonded 3LPE occurs only when it is also cracked due to thermal

aging, which leads to an important gap between disbonded coating and steel. The gap
allows the renewal of aggressive species and the CP current shielding effect.
Disbonding of HSS may be due to

• temperature effect,
• surface preparation by brush cleaning, or
• penetration of water at disbonded overlaps over 3LPE plant coating.
Corrosion under disbonded HSS may be due to

• penetration of water through disbonded overlaps,
• shielding effect preventing CP, or
• increase of corrosion rate by temperature.
At present, it has been decided that abrasive blast cleaning of girth welds is manda-

tory when HSS is applied over a liquid epoxy on onshore pipelines.

Effectiveness of Electrical Measurements
Conventional DCVG and close interval potential survey (CIPS) measurements appeared
to be somewhat efficient to detect the problem. Applied on a cumulative length of 4.7
km near the Rabi end, DCVG used to detect coating defects showed a performance of 59%
of defects as compared with corrosion locations reported by ILI. More detailed infor-
mation is given in Table 1. ON/OFF CIPS revealed zones of under-protection, and it was
discovered that the pipeline was not connected to the CP station on Rabi. A typical zone
showed clearly localized, under-protected areas (including a series of peaks correspon-
ding to the frequency of girth welds) and the positive effect of a repaired area. The ques-
tion to answer is whether the corrosion rate under disbonded coatings may be reduced
when a full level of CP is achieved. It should be also noted that some coating defects de-
tected by DCVG do not correspond to any corrosion detected by ILI, showing that CP
should be effective at these locations.
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Further Investigations
Investigations in the field will be continued, especially through excavations in different
locations, for a better understanding of the effect of temperature on coating disbond-
ing and thermal aging and of the status of 3LPE where corrosion has been detected by
ILI outside the hottest section of pipeline. Field tests have been continued with an ad-
vanced integrated CIPS and the DCVG method, which is supposed to give maximum ac-
curacy of data and integrity as compared with the conventional analogue DCVG surveys.
The final results are not available at the time of this writing.
Lab programs have also been launched to contribute to a better understanding of when

and why coating failures occur. Thermal aging of various PE and PP materials will be
studied in wet conditions. (The present methods are restricted to dry conditions.) Pa-
rameters that may be significant in coating disbonding will be investigated, such as sur-
face preparation (chloride or grease contamination, profile roughness, or brush cleaning
vs. abrasive cleaning for HSS), epoxy materials, thickness of epoxy, effect of tempera-
ture, and cathodic overprotection. Concerning epoxy materials, their precise chemistry,
e.g., the dicyandiamide content,12 could explain various behaviors as a result of their
specific interaction with water. Comparative tests of the materials offered on the mar-
ket are launched by IFP for determining maximum operating temperature of epoxies and
their aging resistance in hot water.
In addition, a study is being prepared by the Corrosion Committee of the  EPRG (Eu-

ropean Pipeline Research Group) on an accelerated aging method based on a hot water
soak test. The test could be more relevant than the conventional cathodic disbondment
tests, which failed to detect the failures on 3LPE and HSS coatings. The hot water soak
test is traditionally carried out with monolayer FBE. The test is intended to be intro-
duced for other coating families such as 3LPE/PP in ISO 21808-1, for three-layer poly-
olefin coatings. The main problem is that, as yet, there are no clear requirements on the
testing conditions that would reliably differentiate between “bad” and “good” coatings.

Conclusions
• The best guarantee for ensuring external corrosion prevention of buried or immersed
pipelines is based on adequate cathodic protection as well as qualified, well-applied,
and properly inspected coatings, in the plant and in the field.
• No corrosion risk exists as long as coatings remain bonded to steel and cathodic pro-
tection is correctly applied, monitored, and maintained. Disbonding may prevent ac-
cess of cathodic protection current to steel exposed to a corrosive electrolyte (cathodic
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Corrosion defects detected by ILI 236

Corrosion defects only at girth weld areas (ILI) 181

Corrosion defects including girth weld areas (ILI) 42

Corrosion defects outside the girth area weld areas (ILI) 13

Coating defects detected by DCVG 81

ILI detected defects covered by DCVG detected defects 139 59%

DCVG detected defects not corresponding to corrosion defects (ILI) 13 19.1%

DCVG detected defects covering more than girth weld areas 30 71%

DCVG detected defects at girth weld areas 102 56.3%

Table 1: Comparision between coating defects detected by DCVG vs. corrosion 
locations detected by ILI on a given pipeline cumulated length



shielding effect) and cause external corrosion in onshore pipelines, but this risk does not
seem to be significant offshore.
• In addition to the metal loss from the corrosion process, disbonded coatings may lead
to various forms of EIC, which should be assessed for onshore pipelines.
• In-line inspection using intelligent pigs constitutes the most effective inspection
method for a corrosion risk management program applied to pipelines, including for
detection of external corrosion under disbonded coatings.
• However, continuous intensive electrical surface measurements such as DCVG and
CIPS are able to detect dangerous situations resulting from coating disbonding. The ef-
fectiveness of these methods remains to be further evaluated.
• It is necessary to study in detail the parameters that lead to disbonding of 3LPE coat-
ings, especially those related to the composition of epoxy powders and of the PE.
• Thermal aging of coatings has to be better assessed, using wet aging tests, and not
only dry conditions as is now the case.
• Abrasive blast cleaning is mandatory, not “only recommended,” when a liquid epoxy
primer is used with heat-shrinkable sleeves.
• Sharing experience and feedback is necessary to better understand these parameters
and modify specifications for improving the reliability of coatings and reducing corro-
sion risks.
• Important efforts are currently produced in the field of international standardization
(ISO TC67 SC2 WG14) for specifying the best compromises for pipeline coatings and ca-
thodic protection.
• A more relevant accelerated aging test has to be established, standardized, and im-
plemented to allow a better correspondence with the long-term behavior of pipeline
coatings.
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uried and submerged pipelines are protected from external corrosion by a coat-
ing system, which is considered passive. Coatings are practically always ap-
plied to pipe lengths in specialized coating plants, and continuity of coverage

is ensured after girth welding through field joint coatings (FJC). Cathodic protection (CP)
is an essential, complementary, “active” protection system aimed at preventing corrosion
at coating defects, where the pipe steel surface is exposed to the corrosive electrolytic
environment. As long as coatings remain bonded to steel and CP is correctly applied,
monitored, and maintained, no corrosion risk exists. 
The majority of known corrosion cases result from disbonding of coatings, which may

prevent access of the cathodic protection current to steel. The cause of failure, known
as the “CP current shielding effect,” appears to be a concern limited to buried pipelines
onshore. Cases of corrosion and stress corrosion cracking (SCC) on old buried pipelines
coated “on the ditch” with coal tar or asphalt enamels or cold-applied tapes have been
known for a long time. No case of external corrosion of pipelines immersed in seawater
has been detected so far using in-line inspection (ILI), despite, most likely, the existence
of some coating disbondment. Despite the assumption of some coating disbondment in
seawater, corrosion protection is maintained, probably because the high conductivity
and homogeneity of seawater make it easier for the CP current to access the exposed
steel and protect it.
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Summaries of our company’s past experience with various kinds of pipeline coatings
have been presented in previous papers.1–9 In particular, at the 16th International
Conference on Pipeline Protection in Paphos, the authors presented a paper on failures
recently discovered on “newer” coatings such as heat-shrinkable sleeves, three-layer
polyethylene (PE) coatings, and fusion-bonded epoxy (FBE) coatings.10 The present
article first updates and completes the information presented at the Paphos conference
on the recent cases of coating failures encountered. It also summarizes the results
obtained from some laboratory test programs aimed at trying to explain the problems
for improving the future choices and the specifications of the company. 

Recent Feedback on Disbonding of Pipeline Coatings
Various practical case studies follow. Cases related to heat-shrinkable sleeves (HSS) used
for field joints and which overlap the factory-applied 3-layer PE/polypropylene (PP) are
the most important as far as corrosion is concerned. Even if the problems related to loss
of adhesion of 3LPE/PP coatings do not lead to significant corrosion, the phenomenon
must be better understood to prevent the risk for the future.

Heat-shrinkable Sleeves Used for Field Joint Coating
Recent in-line inspections (ILI) carried out on a series of buried pipelines have shown
massive disbonding of HSS with significant corrosion underneath after 10 to 15 years of
operation in the ground. These coating failures and subsequent corrosion have been
noticed principally at moderately elevated temperatures (about 50–60 C [122–140 F])
and on coating systems that had been applied to a wire brush-cleaned surface specified
at St 3 cleanliness level (~SSPC-SP 3, Power Tool Cleaning), with or without application
of a liquid epoxy primer before the PE/PP. Specific examples of such failures are given
below.

18-Inch Oil Pipeline in Gabon
In this case, presented earlier,10 external corrosion was detected through ILI on the first
15 km, which is the hottest side (>55 C [131 F]) of the 18-inch Rabi-Batanga oil pipeline,
after 15 years of operation in the ground. The pipeline is buried in wet, compacted sand
(pH of sample, 5.4). Heat-shrinkable sleeves were the hot-melt adhesive type and were

applied on a fast-curing liquid epoxy (of nominal maximum oper-
ating temperature 80 C [176 F]). Wire brush cleaning as per St 3
was used for surface preparation. The application was fully sur-
veyed by a company inspector.
Massive disbonding of HSS on the steel surface together with

poor bonding of HSS on the 3LPE plant-applied coating at the over-
laps had allowed water to penetrate at the steel surface, leading to
corrosion because of the “CP shielding effect” (Fig. 1). 
Further excavations of the pipeline revealed that the HSS resid-

ual adhesion to the steel was also practically zero on sections at
lower operation temperature (down to 35 C [95 F]) but without
significant corrosion. 

16-Inch Oil Pipeline in Syria
ILI operations carried out on a 16-inch x 7.1 mm wall thickness
oil export pipeline operated in Syria for about 12 years have
revealed severe external corrosion at many girth weld areas.
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Fig. 1: Lack of adherence of HSS on PE (top)
and steel (below) on 18-inch Gabon.
All photos courtesy of the authors.



These areas had been coated with HSS (hot-melt adhesive type) applied
directly to a wire brush-cleaned surface, without liquid epoxy primer (Fig. 2).
Excavations have confirmed the indications of ILI and revealed several
corrosion craters underneath the surface of the field joints with significant
presence of mill scale. Corrosion is clearly due to disbondment of HSS. The
surface preparation was poor and the HSS overlap on the PE plant-applied
coating was too small (1 cm). 
The soil is very aggressive (brackish water with a chloride concentration of

2 g/liter) and crystals of salt were observed under the disbonded HSS. The
soil is  especially aggressive near the Al Furat river, where the major defects
were found. The area near the river is very saline and has been intensively
irrigated for a few years. In addition, the temperature is high (> 55 C [131 F])
on the first 20 km of the pipeline, the most affected part. The corrosion
appears to have been very high. The value of 0.7 mm/yr estimated as the
maximum corrosion rate under the disbonded coating at 50 C [122 F] in the
laboratory study detailed below roughly corresponds to the maximum
corrosion rate that could have been occurring here over 10 years of operation.

Other Cases
Similar cases were discovered recently, again using ILI, on the 12-inch Coucal-Rabi
pipeline, again in Gabon, and on a 6-inch oil pipeline in France (Paris basin). Again, the
operating temperature was about 50 C [122 F] in both cases.

Disbonding of 3LPE/PP Used in Plant-Applied Coatings
Massive losses of adhesion of 3LPE coatings between the epoxy layer and the steel after
10 to 15 years’ operations have been observed since 2004 through excavations carried
out after the detection of corrosion at field joints under disbonded HSS. The disbond-
ments of 3LPE have been noticed most often when the operating temperature of the
pipeline is about 50–60 C (122–140 F) in wet environments. So far, no significant corro-
sion has been found underneath the disbondment of the 3LPE. 

18-Inch Oil Pipeline in Gabon
Also presented earlier,10 disbonding of a 3LPE coating occurred on
the same 18-inch Rabi-Batanga pipeline in Gabon. The coating was
a low-density PE. It was applied partly by the side extrusion process
(with PE adhesive applied by extrusion) and partly by the longitudi-
nal extrusion process (with PE adhesive applied by powder). The ap-
plication was in compliance with the company specification
requiring a minimum of 70 micrometers FBE beneath the PE.
The 3LPE plant-applied coating generally appeared to be correct

externally but was found fully disbonded between the FBE and steel
when cut for inspection with a tool at the excavation locations in
the hottest part of the pipeline. Except for the presence of a layer of
magnetite on the steel surface, no significant corrosion of the steel
was noticed. Excavations showed that in a few cases, where some
minor corrosion was reported by ILI on a few pipe lengths, the PE
coating was found longitudinally cracked and open at the 3 o’clock
and 9 o’clock positions. Measurements on PE samples taken at these
locations revealed a significant thermal aging effect (as shown by
loss of elongation at break, increase of viscosity, Shore D hardness
and IR spectrum).
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Fig. 2: Heavy corrosion under disbonded HSS 
(16-inch Syria)

Fig. 3: Disbonding of 3LPE at 35 C ([95 F] 18-inch Gabon)



In addition to the details previously given,10 it has been further noticed that loss of
adhesion existed at temperatures as low as 35 C (95 F), as shown in Fig. 3. In this case,
as compared with what was discovered at higher temperatures, the epoxy primer was
more visible and no magnetite had been formed. Also, it has been demonstrated that this
loss of bonding occurred with the two supplies of coated pipes, with two different coat-
ing processes and with two different epoxy powders. Peel strength and cathodic dis-
bondment measurements carried out on spare pipes that had been stored directly
exposed to UV and atmospheric equatorial conditions gave the results summarized in
Table 1, which demonstrates again that the loss of adhesion in the ground is related to
exposure to soil conditions (especially water diffusion). It is also notable that peel
strength is much higher with lateral extrusion as compared with longitudinal extrusion
(the difference is related to the type of adhesive) but that cathodic disbondment is of
the same order of magnitude (no significant difference between the two epoxy powders),
with the value measured at 60 C (140 F) being very high.

Other Cases
Local disbondment has been observed on the 16-inch Syrian oil pipeline on which severe
corrosion was found under HSS (Fig. 4). In France, a short length of pipeline with a 3LPP
coating operating at ambient temperature has suffered complete loss of adhesion with-
out any corrosion. In this case, because all other inspected parts in close vicinity did not
show disbondment, this observation tends to demonstrate that this loss of adhesion
could be due to a specific application problem.
In Indonesia, a section of a 3LPP coated offshore pipeline (with concrete weight coat-

ing) operating at about 80 C (176 F) has been cut out for inspection related to internal
corrosion. Disbondment of 3LPP from the steel was observed, showing that disbond-
ment seems to be possible offshore also.
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Tests Temperature Longitudinal Side extrusion
of test extrusion

Average peel strength 23 C (73.4 F) 94 ± 9 226 ± 34

(N/10 mm) 60 C (140 F) 38 ± 3 142 ± 13

Cathodic disbonding @ - 1.5 V, 23 C (73.4 F) 6.3 ± 0.7 6.6 ± 0.4

28 days (radial length in mm) 60 C (140 F) 32.2 ± 1.6 28.6 ± 4.1

Table 1: Test on 3LPE Coated Pipe Samples Stored During 15 Years

Fig. 4: Disponding of 3LPE (16-inch Syria)



Laboratory Studies and an Engineering Approach
A Parametric Study of the “CP Shielding Effect” under Disbonded Coatings

Gaz de France (Direction de la Recherche) and Total have carried out studies in the Gaz
de France laboratories to assess the influence of the main parameters governing the cor-
rosion rate underneath a simulated coating disbondment. In particular, the study as-
sesses corrosion as a function of the distance from the point where a direct contact
exists with the external electrolyte. Parameters studied were the height of the gap be-
tween the steel and the simulated disbonded coating, whether the water was stagnant
or changed, the resistivity of water, the application of various levels of cathodic pro-
tection, and the absence of cathodic protection. All tests were carried out at ambient
temperature. The main results are discussed below. More details may be obtained in
published papers.11,12,13

The test plan is summarized in Table 2. The detrimental effect of renewal of water
was clearly demonstrated. In the case of stagnant water, the corrosion rate becomes
practically zero, with or without cathodic protection within a few centimeters of the ar-
tificial coating defect. Of course, this testing does not take into account any possible de-
velopment of microbiologically induced corrosion (MIC) that could occur in the actual
situation. This result is easily explained by consumption of dissolved oxygen through
the corrosion process. Any renewal of water increases the corrosion rate when the dis-
tance from the artificial defect increases, even when cathodic protection is applied.
Some positive effect can be seen when CP level is enhanced. The detrimental effect of
increasing the height of the gap between the steel and coating in the studied range ex-
plains why disbondments seem to have generally no detrimental consequence on cor-
rosion with three-layer polyolefin (3LPO) systems: the gap in the 3LPO systems remains
very low, compared to the case of other coatings such as coal tar or asphalt enamels,
tapes or heat-shrinkable sleeves (HSS).
Analysis of the results shows a Gaussian shape distribution of around 0.15 mm/yr

with the maximum corrosion rate reaching 0.35 mm/yr. This distribution of corrosion
rates may be interpreted as the same as seen on a buried pipeline, at ambient tempera-
ture, that may be subjected to coating disbonding without knowing the specific combi-
nation of influencing parameters. This distribution also corresponds to values
commonly found in practice. For instance, NACE RP0502-200214 states that a corrosion
rate of 0.4 mm/yr under disbonded coating may occur in the absence of any specific
data. Taking into account a general rule that the corrosion rate is roughly multiplied by 2
when the temperature is increased above 30 C (86 F), we may assume that the average cor-
rosion rate could be about 0.3 mm/yr and the maximum about 0.7 mm/yr at 50 C (122 F).
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Test n° Water Cathodic Gap Electrolyte Bubbling
renewal protection height

1 + – – – –

2 – – – + +

3 + + – + –

4 – + – – +

5 – – + + –

6 + – + – +

7 – + + – –

8 + + + + +

Upper Level (+) 0 - 850 mV 0.5 mm water aerated

Lower Level(-) 1.5 cm/min -1200 mV 4 mm saline deaerated

Table 2: Parameters of Corrosion Tests under Artificial Coating Disbondment*

*Key: The + symbol refers to the upper level of the parameter, and the – symbol refers to the lower level.



Field Joint Coatings
It is believed that disbonding of HSS may be due to surface preparation by
brush cleaning and the effect of higher temperature. Corrosion under
disbonded HSS may be due to 
• the penetration of water through disbonded overlaps on plant-coating;
• the shielding effect preventing CP, together with a too weak “true” level
of CP; or
• an increase in the corrosion rate because of the temperature.
For the time being, it has been decided (at our company) to require, as

a minimum before HSS application, Sa 21⁄2 abrasive blast cleaning of girth
welds and a liquid epoxy primer applied for onshore buried pipelines or
when the temperature is higher than 50 C (122 F). However, the general
trend is to apply, instead of HSS, liquid polyurethane (PUR) or epoxy-mod-
ified polyurethane as a field joint coating onshore, which is currently
being done on a major gas pipeline in construction in Yemen (Fig. 5). The
system used a PUR-type product designed for 80 C (176 F) maximum op-
erating temperature. The application parameters, equipment, and per-
sonnel had been accepted after a full qualification process comprising a
Procedure Qualification Trial (PQT) at the coating application contractor
premises and verification in the field at the start-up through a Pre-Pro-
duction Trial (PPT). 
Tests carried out on samples taken from the qualification trials were car-

ried out by a third party laboratory, mainly based on measurement of ad-
hesion by pull-off test as per ISO 4624 and cross-cut tests before and after
immersion in tap water at various temperatures (up to 80 C [176 F]) and
after various durations (up to 28 days). Figure 6 (next page) illustrates
such a series of pull-off tests. As shown in Table 3, values obtained on the

PE plant coating as well as directly on the steel surface were found to be fully accept-
able when the parameters of application were optimized (especially the substrate tem-
perature). Surface preparation was abrasive blast cleaning to Sa 21⁄2 on steel and abrasion
without any complementary treatment on the PE.
In addition, Total is launching a comparative program for an in-depth study of vari-

ous field joint coatings (PE/PP-based HSS, liquid PUR or epoxy, flame sprayed PE/PP, etc.),
especially through hot water resistance testing and evaluation of the compatibility of the
HSS with plant coatings in wet environments. For the HSS, two surface preparation lev-
els will be tested: Sa 21⁄2 (blasting to near white metal, SSPC-SP 10) and St 3 (very thor-
ough power tool cleaning, SSPC-SP 3 level of cleaning). For liquid products, various
surface treatments for the plant-applied coating will be tested: with and without oxida-
tive flame and/or other proprietary treatments. Tests will consist of: cathodic disbond-
ing (28 days at 23 C and 80 C [73 F and 176 F], and 48 hrs at 65 C [149 F]); peel tests on
steel and plant coating at 23, 60, and 80 C and 100 C (for PP only); impact tests per
ASTM G14; immersion tests for 28 days in deionized water at 40 (104 F), 60, and 80 C;
and, after immersion, peeling tests on steel and overlap. Total will be happy to share this
program with any interested party.
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Water temperature Adhesion on steel (MPa) Adhesion on abraded PE (MPa)

23 C (73.4 F) 15 to 20 5 to 15

60 C (140 F) 15 to 20 5 to 11

80 C (176 F) 15 to 20 5 to 10

Table 3: Adhesion Tests After Immersion for 28 Days of PE Coated 
with Liquid Applied  PU-type at FJC

Fig. 5: FJC with epoxy-modified PV applied
on 3LPE-coated pipes



Efforts to Explain Disbondment Problems of 3LPE/PP Coatings
Possible explanations for disbonding of 3LPE are 
• water and oxygen diffusion through PE;
• water saturation and diffusion in FBE layer, depending on the type of epoxy;
• superficial corrosion of steel surface forming magnetite;
• all these steps being accelerated by temperature; and
• the possible effect of internal stresses in PE/PP due to the thermal history during ap-
plication, which could help explain why such massive disbondment does not occur with
FBE coatings. (FBE is not subject to thermal aging during application.)
Significant corrosion under disbonded 3LPE only occurs when it is also cracked due

to thermal ageing, which leads to a significant gap between the disbonded coating and
steel. The gap allows renewal of aggressive species and the CP current shielding effect.
Since 2006, the efforts contributing to the explanation of this phenomenon have con-

centrated on the following.
• Launching of a fundamental study as Ph.D. work on adhesion mechanisms of epoxy,
as illustrated in another paper presented at the 17th International Conference on Pipeline
Protection15

• Participation in a study on the development of a new accelerated test ensuring a bet-
ter qualification that could predict long term behavior (carried out for EPRG, European
Pipeline Research Group). Conventional peeling tests and cathodic disbonding tests used
up to now failed for such a prediction. This study is still running and the results are con-
fidential for the time being
• A study of water sensitivity of six epoxy powders, carried out by IFP (French Institute
of Petroleum). The results of these tests are summarized in a paper also presented at the
17th International Conference on Pipeline Protection.16
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Fig. 6: Pull-off and cross-cut tests at ambient temperature on PU-type product on steel (left) and PE (right)
surfaces after immersion in tap water for 28 days and 80 C ([176 F] left) and at 23 C ([73 F] right)



Hydrothermal Aging of LDPE
Thermal aging of various PE materials (low density stabilized by ethylene vinyl acetate
(EVA) or not, 2 types of medium density) from various suppliers has been studied in wet
conditions, whereas the present methods used for qualification are restricted to dry
conditions. The question was: Does physico-chemical thermal aging happen to PE up to
100 C (212 F) in water?
The tests were carried out by Korrosionstechnik Heim. The following test conditions

were used: dry air at 100 C (212 F); demineralized water at 60 (140 F), 80 (176 F), and
100 C; and air saturated with water vapor at 60 and 80 C. The effect of aging was
assessed using elongation and tensile strength at break and Melt Mass Flow Rate (MFR).
No significant change was noticed after 5,000 hours of testing for all products and all
test conditions. Consequently, no explanation has been given so far for what was noted
on the Rabi pipeline where cracking of PE topcoat in some locations led to corrosion.
Loss of the EVA additives is still the proposed answer, but not a proven explanation. A
bad batch of PE could be involved in this issue.

Conclusion: Present Situation and Future Work
The major corrosion problems are related to disbondment of heat-shrinkable sleeves
applied on field joints of buried pipelines. For Total, abrasive blast cleaning is now
mandatory before application of HSS and not only “recommended” for new onshore
pipelines. In addition, the general trend is to apply, instead of HSS, liquid polyurethane
(PUR) or epoxy for field joint coating onshore.
It is of utmost importance to demonstrate whether an improvement of the adhesion

safety margin of 3LPO coatings is possible or not. If not, modification of Total’s basic
choice could be changed in favor of FBE, in spite of the better mechanical resistance of
3LPO coatings (generally considered as a plus by pipe laying contractors). Parameters re-
lated to the composition of epoxy powders have been studied. Methods such as meas-
urement of “Wet Tg” and the use of two-layer FBE/adhesive coatings are very promising
approaches from lab studies. However, the differences noted in water intake do not cor-
relate with the severe loss of adhesion of the coating when immersed in water, espe-
cially when water temperature is above ambient. For the time being, the following
criteria have been introduced in Total’s general specifications for selection of epoxy
primer: water absorption lower than 10% after 28 days at 80 C and “Wet Tg” greater than
maximum operating temperature +10 C above the operating temperature.
The future work necessary for a better knowledge of the problem of 3LPO disbond-

ment will be researched through a continuation of the studies at IFP, especially on test
samples taken from actual pipes recently coated for various projects, and also on other
epoxy powders and surface preparation systems. The Ph.D. work launched to better un-
derstand the mechanism of bonding of epoxy to steel will address factors such as me-
chanical vs. chemical anchor, surface preparation and treatment, and internal stresses
within the coating. In addition, the study carried out in the U.S. on the internal stresses
will be highly profitable for the development of knowledge.17

Continuation of field experience feedback will be organized in order to better know
the influence of parameters such as temperature or soil humidity. All possible efforts
will be made to push operating subsidiaries to perform excavations and field measure-
ments in order to contribute to and assess correlations between disbondment and soil
and operating parameters.
A more relevant accelerated aging test allowing a better prediction of long term be-

havior remains to be established (especially through EPRG collaboration) and imple-
mented in the future revision of ISO 21809 standards currently on the way of completion
based on a conventional approach.
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